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The blocking capacity of a preformed particle gel (PPG) in fractures is critical for a water shutoff appli-
cation in fractured reservoirs. This work studies the PPG blocking behavior by a series of coreflooding 
tests in fractured carbonate cores. The effects of PPG strengths, PPG pack density, and particle/fracture 
size ratio were systematically investigated.

Four PPG samples, named HOP-1, HOP-2, HOP-3, and HOP-4, with similar dry particle sizes were 
used in the work. The swelling ratio of the PPG samples in different salinity brines was tested. The 
strength of the swollen PPGs was measured by a rheometer. The blocking capacity was tested by inject-
ing water into a PPG packed open fracture core. The differential pressure of water injection was monitored.

The average particle sizes of the dry PPG samples were all around 0.5 mm. The swelling capacities of 
PPG showed a reverse correlation with brine salinity. The swelling ratio presented an order of HOP-1 > 
HOP-2 > HOP-3 > HOP-4. Correspondingly, the storage modulus of the four samples increased from 
a magnitude of 2,000 Pa to 14,000 Pa, and the average particle size decreased from 2.4 mm to 1.1 mm. 

The blocking performance of the PPG pack in the fracture depended on the tolerance to water. The 
PPG samples presented better blocking in smaller sized fractures. A firm pack could dramatically improve 
the blocking to the fracture. The strength of the PPG sample affected the PPG blocking behavior signifi-
cantly. HOP-3 showed better performance than the other samples due to the well-adjusted properties in 
blocking and flow tolerance. 

This study explores the matching relationship between the PPG strength, size, and fracture width, 
which is beneficial for selecting a proper PPG sample for fractured carbonate reservoirs.
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Introduction
Gel treatment is a widely used technology for conformance control, water shutoff, and in-depth fluid diversion in 
heterogeneous reservoirs1-3. The traditional in situ gel treatment is engaged in injecting a gelant — composed of 
a polymer and crosslinker — solution into reservoir formations to make gelation occur in the proper location to 
divert the subsequent water flow. It has some drawbacks in this kind of treatment, such as lack of gelation time 
control, uncertainness of gelation due to shear, caused by chromatographic separation, dilution, and dispersion 
of the components in the gelant4.

The trend for gel treatment in the industry is applying a preformed particle gel (PPG)5-7. Initialed in late 1990s, 
the PPG technology has been successfully used in China for more than 5,000 wells to reduce water production 
in mature waterflooded areas8. 

PPGs are polymeric gel particles formed on the surface before injection into the reservoir. When dispersed in an 
aqueous solution, PPGs absorb water, up to hundreds of times the original dry PPG volume, and do not dissolve. 
The swollen PPGs are elastic and deformable. With the particle size adjustable from micrometer to centimeter, 
PPGs are usually applied in the reservoirs with fractures or high permeability flow channels. After injection into 
the reservoir formations, PPGs preferentially enter the fractures and form a gel pack, which reduces the subsequent 
fluid flow in the fracture and diverts the flow to the adjacent matrix. 

Much research has been conducted to study the PPG blocking performance in porous media and fractures. Bai 
et al. (2007)9 and Zhang and Bai (2011)10 studied the flow mechanisms of PPG in porous media and open fractures. 
The micromodel and coreflooding experiments showed that a swollen PPG particle could pass through a pore 
throat with a diameter smaller than the particle, owing to the elasticity and deformability. During injection into 
the open fracture, PPG propagated like a piston along a fracture and a gel pack was formed in the fracture. The 
post-water injection could break through the particle gel pack by channels created by the injected water.

Imqam et al. (2015)11 examined the effect of the fracture’s inner diameter and the PPG strength on the injectivity 
index, resistance factor, and blocking efficiency. The results reported that weak gel had less injection pressure at 
a large particle/opening ratio compared to a strong gel. The PPG strength affected injectivity more significantly 
than the particle/fracture size ratio did. The PPG’s plugging efficiency depended highly on the particle strength 
and the conduit’s inner diameter. The PPG’s injection and placement mechanism through Super-K permeability 
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cores were reported12, which showed that the PPGs in-
depth permeability reduction to the cores relied on the 
PPG size, strength, concentration, and sand permeability. 

Imqam et al. (2016)13 and (2017)14 also investigated 
the influence of some key factors on gel injectivity and 
plugging performance for water flow through opening 
fractures. Results from single uniform fracture experi-
ments showed that the PPG injection pressure was more 
sensitive to gel strength than gel particle size. Results 
from single heterogeneous fracture model experiments 
showed that the PPG injection pressure increased as the 
fracture heterogeneity in sections increased. 

Wang and Bai (2018)15 investigated the PPG placement 
and plugging in partially open fractures. In the fractures 
with tips, the PPG injection pressure increased rapid-
ly. The blocking efficiency to water showed a growth 
with the increase of placing pressure. Wu et al. (2018)16 
studied the matching between PPG size and reservoir 
heterogeneity using a heterogeneous parallel dual sand 
pack experimental setup. The matched PPG mesh in-
creased as the permeability ratio of the heterogeneous 
sand pack increased. 

In this work, the factors of PPG strength and particle 
size were studied by testing the blocking performance of 
the gel pack in the fractures. The bulk properties of four 
PPG samples were evaluated. A series of coreflooding tests 
were conducted on the fractured nature carbonate cores. 

Experimental
PPG Samples

Four PPG samples with similar initial dry particle sizes 

were used in the tests. All samples were in the form of 
dry particulate. Some basic information of these PPGs 
are listed in Table 1.

Brines
Three kinds of brines were used in the PPG evaluation, 
including two types of injection water; injection water 
1, injection water 2, and connate water. The salinities 
(total dissolved solids) were 1,317 mg/L, 2,425 mg/L, 
and 237,959 mg/L, respectively. The ion composition 
of the brines is listed in Table 2. 

Core Plugs
The cylindrical carbonate outcrops were used to make 
fractures. Table 3 shows the basic properties of the 
cores. The gas permeabilities of the core samples were 
all around 50 md. Because the cores were cut before 
saturating with brine, the brine permeability was not 
tested. From the result of the similar core sample, the 
value was about 35 md. 

Swelling Ratio Measurement
The swelling ratio of the PPGs was tested by reading 
the apparent volume before and after the swelling in the 
brines. A given weight of the dry PPG sample was put 
in a measuring cylinder. Then, a quantitative volume 
of brine was added into the cylinder. The sample was 
allowed to swell completely overnight, and the apparent 
volume was recorded. 

Strength Measurement
The strength of the swollen particles was measured using 
a remoter (TA Discovery II). A dynamic strain sweep 
test was first performed to determine the range of linear 

PPG Sample
Absorption 

Deionized Water 
(g/g)

Apparent Powder 
Density (g/ml)

Moisture Content 
(%)

pH in  
ID Water

Initial Particle 
Size (mm)

HOP-1 46.40 1 10.36 6-7 0.426

HOP-2 30.84 0.95 5.08 6-7 0.524

HOP-3 4.96 0.96 3.48 6-7 0.444

HOP-4 5.08 0.95 11.39 6-7 0.404

Table 1  Some basic information of the PPG samples used in the tests.

Brine/Ion Na+ 
(mg/L)

Ca2+ 
(mg/L)

Mg2+ 
(mg/L)

Ba2+ 
(mg/L)

K+ 
(mg/L)

Cl- 
(mg/L)

HCO3
- 

(mg/L)
SO4

2- 
(mg/L)

TDS 
(mg/L)

Injection 
Water 1 186 168 51 7 11 460 203 231 1,317

Injection 
Water 2

442 262 80 — — 760 199 682 2,425

Connate 
Water

68,952 16,736 3,015 386 2,060 146,093 617 100 237,959

Table 2  The composition of the brines used in the PPG evaluation.
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viscoelasticity and torque levels as a constant frequency 
and temperature. The sweeps were conducted over the 
range of strain, between 0.01% and 100% at a fixed fre-
quency of 1 Hz. The storage modulus and loss modulus 
were measured as a function of strain.

After the viscoelastic region was fixed, the frequency 
sweep test was performed to measure the dynamic prop-
erties of the fluid sample such as the storage modulus 
and loss modulus in the specified range of oscillatory 
frequencies. The measurement was conducted over the 
range of frequencies between 0.1 rad/s and 100 rad/s at 
a fixed strain level of 0.25%.

PPG Blocking Test
PPG blocking tests evaluated the blocking capacity of 
the PPG pack to the open fracture by the coreflooding 
method. The procedures were:
1. Prepare the PPG samples in injection water 2, and 

allow to fully swell overnight.
2. Cut the cylindrical limestone core sample longitudi-

nally along the axis, and saturate the two halves with 
brine.

3. Place the quantitative swollen PPG — without free 
water — on the cutting section of the core halves. 
Reassemble the two halves with proper proppant to 
create an artificial fracture filling with PPG. 

4. Pack the core with Teflon and load into a core holder.
5. Inject brine into the core at a flow rate of 0.5 ml/min, 

1 ml/min, 2 ml/min, and 4 ml/min, at a confining 
pressure of 200 psi at ambient temperature, and record 
the differential pressure.

Results and Discussions
PPG Bulk Properties
The swelling behavior of the four PPG samples in three 
oil field brines was tested. The swelling ratio was cal-
culated as the volume ratio before and after swelling. 
Table 4 lists the results. The swelling ratio of HOP-1 
was much higher than that of the other three samples. 
In injection water 1, the swelling ratio was as high as 
22.89, while in connate water, the swelling ratio was 4.09. 
HOP-4 showed the lowest swelling ratio and salinity 
dependency among the four samples. With increasing 
salinity, the swelling ratio of HOP-4 decreased slightly 
from 3.87 in injection water 1 to 2.28 in connate water. 
HOP-2 and HOP-3 had median swelling capacity and 
salinity dependency. 

The strength of the swollen particles without free water 
were tested by a rheometer. A dynamic strain sweep test 
was first performed to determine the range of linear 
viscoelasticity. Figure 1 shows the typical strain sweep 
results for HOP-1 in brine. The storage modulus was 
linear with oscillation strain in the range from 0.01% 
to 1% in the log-log plot. The strain lever was selected 
as 0.25% in the frequency sweep test.

Figures 2 to 5 show the frequency sweep results of PPG 
swelling in three brines. Because salinities of injection 
water 1 and injection water 2 were similar, the strength 
of the four PPG samples in the two brines was close to 
each other. In the connate water with salinity as high 
as 237,959 mg/L, the samples showed a much higher 
strength than in the other two brines. 

Figure 6 compares the strength of the four samples in 
injection water 2. The results agreed well with the swelling 
ratio trend in Table 6, showing that the strength was in 
an order of HOP-1 < HOP-2 < HOP-3 < HOP-4. The 

Core No. Length  
(cm)

Diameter  
(cm)

Pore Volume 
 (ml)

Gas Permeability 
(md)

Brine Permeability  
(md)

26 7.124 3.81 11.32 55.15 ~35

27 7.116 3.81 11.98 53.61 ~35

55 7.07 3.81 10.34 48.11 ~35

Table 3  The basic properties of the core samples used.

Brine Salinity (mg/L) Swelling Ratio

HOP-1 HOP-2 HOP-3 HOP-4

Injection Water 1 1,317 22.89 11.81 5.28 3.87

Injection Water 2 2,425 18.49 10.16 4.47 3.87

Connate Water 237,959 4.09 3.33 2.78 2.28

Table 4  The swelling capacity of the four PPG samples in different brines.
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absorbed water weakens the interaction of the macromol-
ecules, resulting in low strength at a high swelling ratio.

PPG Blocking Test

PPG blocking capacities were tested by injecting water 
into gel packed artificial open fractures. The fractures 
were made on the cylindrical carbonate outcrop. The core 
samples were cut longitudinally along the axis to form an 
open fracture with a length of about 7 cm and width of 3.8 
cm. Four small steel slugs were put on the cutting faces 
as proppant and the fracture heights could be adjusted 

by the size of the steel proppant. Two fracture heights, 
1 mm and 2 mm were used in the tests. The fracture 
volumes (FV) were 5.4 ml and 2.7 ml, respectively. The 
water flow through the two kinds of fractures produced 
very low differential pressure that was hardly detected 
by the current coreflooding system.

The PPGs were placed manually in the fracture to 
form a gel pack. The objective here is to evaluate the 
blocking capacity to water after the gel pack formed in 
the fracture, and compare the performance of different 
PPG samples, so the PPG injection and filling processes 
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Fig. 1  The dynamic strain sweep test for HOP-1 in brine. 
 
 
 
 
 
 
 

 
 

Fig. 2  The storage modulus of HOP-1 in three brines.  
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Fig. 1  The dynamic strain sweep test for HOP-1 in brine.
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Fig. 2  The storage modulus of HOP-1 in three brines.  
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Fig. 2  The storage modulus of HOP-1 in three brines.
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Fig. 3  The storage modulus of HOP-2 in three brines.  
 
 
 
 
 

 
 
Fig. 4  The storage modulus of HOP-3 in three brines. 
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Fig. 3  The storage modulus of HOP-2 in three brines.
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Fig. 3  The storage modulus of HOP-2 in three brines.  
 
 
 
 
 

 
 
Fig. 4  The storage modulus of HOP-3 in three brines. 
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Fig. 4  The storage modulus of HOP-3 in three brines.
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Fig. 5  The storage modulus of HOP-4 in three brines.  
 
 
 
 
 
 
 

 
 
Fig. 6  The comparison of the four PPG samples in injection water 2.  
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Fig. 5  The storage modulus of HOP-4 in three brines.
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Fig. 5  The storage modulus of HOP-4 in three brines.  
 
 
 
 
 
 
 

 
 
Fig. 6  The comparison of the four PPG samples in injection water 2.  
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Fig. 6  The comparison of the four PPG samples in injection water 2.
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were not included. In the application, the PPGs could 
be packed to different degrees in the fracture based on 
the injection pressure. Therefore, two types of pack vol-
umes were studied, a loose pack and a firm pack. For the 
loose pack, about 1 FV of swollen PPGs were placed in 
the fracture. For the firm pack, the PPG’s volume was 
about 1.5 FV. Table 5 lists the PPG blocking tests that 
were conducted. 

Figures 7 to 16 show the differential pressure change 
during the water injection into the core plug with the 
fracture packed with PPG. In all tests, when water was 
injected, there was water flow in both the core matrix and 
the gel pack. These flows produced a stable differential 
pressure along the core plug. The differential pressure 
increased with the flow rate as long as the gel pack was 
stable. At a sustained high flow rate, the gel pack could 
be a breakthrough along with an unstable decreasing 
pressure. Table 6 summarizes the stable differential 

pressure in the tests. 
With the same PPG sample, the performance was dif-

ferent with the fracture heights and pack volumes. For 
the blocking test using the same PPG, i.e., HOP-1 (Figs. 
7, 8, and 9), HOP-2 (Figs. 10 and 11), HOP-3 (Figs. 12 
and 13), and HOP-4 (Figs. 14, 15, and Fig. 16), the PPGs 
produced higher differential pressure and better blocking 
to water in a 1 mm fracture than in a 2 mm fracture. 
With the same fracture height of 2 mm, a firm pack of 
1.5 FV produced a much higher differential pressure 
than the loose pack of 1 FV. These results indicated 
that PPGs showed better blocking and flow tolerance in 
the smaller fracture. The degree of PPG packing in the 
fracture significantly affected the blocking performance. 
A firm pack could dramatically improve the plugging 
to the fracture.

Different PPG samples behaved quite differently when 

Test No. PPG Sample Particle Size  
(mm)

Fracture Height 
(mm)

Particle/Fracture 
Size Ratio

Pack Volume  
(FV)

1 HOP-1 2.4 2 1.2 1

2 HOP-1 2.4 1 2.4 1

3 HOP-1 2.4 2 1.2 1.5

4 HOP-2 2.2 2 1.2 1

5 HOP-2 2.2 2 1.2 1.5

6 HOP-3 1.1 2 0.6 1

7 HOP-3 1.1 2 0.6 1.5

8 HOP-4 1.1 2 0.55 1

9 HOP-4 1.1 1 1.1 1

10 HOP-4 1.1 2 0.55 1.5

Table 5  PPG blocking tests in open fracture.
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Fig. 7  Differential pressure during water injection into HOP-1 packed fracture (1 FV) with height 2 mm. 
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Fig. 7  Differential pressure during water injection into HOP-1 packed 
fracture (1 FV) with height 2 mm.  
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Fig. 8  Differential pressure during water injection into HOP-1 packed fracture (1 FV) with height 1 mm. 

 
 
 

 
 
Fig. 9  Differential pressure during water injection into HOP-1 packed fracture (1.5 FV) with height 2 mm. 
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Fig. 8  Differential pressure during water injection into HOP-1 packed 
fracture (1 FV) with height 1 mm.
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packed in the fracture. For HOP-1 and HOP-2 in the 
2 mm and/or 1 mm fracture with 1 FV pack (Figs. 7, 8, 
and 10), the differential pressure first increased rapidly 
and then decreased to a stable value at the beginning of 
water injection. There was no such pressure built-up in 

the tests using HOP-3 and HOP-4. The stable differential 
pressure and breakthrough flow rate varied significantly 
for the four samples. 

In the tests using 1 FV packing, HOP-1 produced the 
lowest differential pressure to water flow among the four 

Fig. 9  Differential pressure during water injection into HOP-1 packed 
fracture (1.5 FV) with height 2 mm.
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Fig. 12  Differential pressure during water injection into HOP-3 packed fracture (1 FV) with height 2 mm. 
 
 

 
 
 
 

 
 
Fig. 13  Differential pressure during water injection into HOP-3 packed fracture (1.5 FV) with height 2 mm. 
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Fig. 12  Differential pressure during water injection into HOP-3 packed 
fracture (1 FV) with height 2 mm.
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Fig. 8  Differential pressure during water injection into HOP-1 packed fracture (1 FV) with height 1 mm. 

 
 
 

 
 
Fig. 9  Differential pressure during water injection into HOP-1 packed fracture (1.5 FV) with height 2 mm. 
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Fig. 10  Differential pressure during water injection into HOP-2 packed 
fracture (1 FV) with height 2 mm.
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Fig. 10  Differential pressure during water injection into HOP-2 packed fracture (1 FV) with height 2 mm. 
 
 

 
 
 
 
 

 
 
Fig. 11  Differential pressure during water injection into HOP-2 packed fracture (1.5 FV) with height 2 mm. 
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Fig. 11  Differential pressure during water injection into HOP-2 packed 
fracture (1.5 FV) with height 2 mm.
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Fig. 10  Differential pressure during water injection into HOP-2 packed fracture (1 FV) with height 2 mm. 
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Fig. 12  Differential pressure during water injection into HOP-3 packed fracture (1 FV) with height 2 mm. 
 
 

 
 
 
 

 
 
Fig. 13  Differential pressure during water injection into HOP-3 packed fracture (1.5 FV) with height 2 mm. 
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Fig. 13  Differential pressure during water injection into HOP-3 packed 
fracture (1.5 FV) with height 2 mm.
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Fig. 14  Differential pressure during water injection into HOP-4 packed fracture (1 FV) with height 2 mm. 
 
 

 
 

 
 
Fig. 15  Differential pressure during water injection into HOP-4 packed fracture (1 FV) with height 1 mm. 
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Fig. 14  Differential pressure during water injection into HOP-4 packed 
fracture (1 FV) with height 2 mm.
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PPG samples. The breakthrough flow rate was 2 ml/
min in fractures of 2 mm. HOP-2 had a slightly high 
differential pressure and the gel pack was not broken 
through at a flow rate as high as 4 ml/min. HOP-3 pro-
duced the highest differential pressure among the four 
samples, and the gel pack was flow resistant. Although 
the strength was higher, the differential pressure caused 
by the HOP-4 pack was slightly lower than that caused 
by HOP-3. The gel pack was broken through at a flow 
rate of 4 ml/min.  

The differences may be explained by the strength na-
ture of the four PPGs. The strength or elastic modulus 
of HOP-1, HOP-2, HOP-3, and HOP-4, was 2,800 Pa, 
5,300 Pa, 9,700 Pa, and 13,800 Pa, respectively. When 
packed in the fracture, samples with a low strength are 
much deformable and form a close packing between 
the particles with very little pores. The injected water 
cannot penetrate easily in the pack at the very beginning, 
which results in a pressure buildup. At the same time, 
the particles deform with the pressure and a connected 

flow channel forms along the deformed particles.
After water breaks through the PPG pack, the pressure 

decreases to become stable. When the flow rate is high 
enough, the water flow moves the particles. The differ-
ential pressure keeps decreasing with the movement. 
On the contrary, when the samples with high strength 
are packed in the fracture, it is much more permeable, 
due to the interparticle pores. 

The pressure of the water injection is stable with no 
abrupt pressure buildup. At a high flow rate, the gel 
particles are more likely to move with water because of 
the lack of deformation. Therefore, the pack has the risk 
to be flushed away in the fracture. Proper deformation 
seems to help the particles withstand the water flush and 
avoid lasting movement. This may be the reason that the 
HOP-3 pack with a lower strength showed higher pres-
sure buildup and flow resistance than the HOP-4 pack. 

On one hand, the deformable PPG produces a firm 
pack with few interparticle pores, which can block the 
fracture efficiently. On the other hand, the deformation 

Fig. 15  Differential pressure during water injection into HOP-4 packed 
fracture (1 FV) with height 1 mm.

Fig. 16  Differential pressure during water injection into HOP-4 packed 
fracture (1.5 FV) with height 2 mm.
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Flow 
Rate 
(ml/
min)

HOP-1 HOP-2 HOP-3 HOP-4

1 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

1 mm 
Fracture

2 mm 
Fracture

2 mm 
Fracture

1 FV 
Pack

1 FV 
Pack

1.5 FV 
Pack

1 FV 
Pack

1.5 FV 
Pack

1 FV 
Pack

1.5 FV 
Pack

1 FV 
Pack

1 FV 
Pack

1.5 FV 
Pack

0.5 0.24 0.12 3.75 0.17 6.61 0.34 5.48 0.64 0.27 3.81

1 0.45 0.17 — 0.26 9.84 0.65 9.80 1.16 0.61 6.97

2 0.81 — — 0.33 15.41 1.28 17.21 2.45 0.86 12.78

4 — — — 0.42 — 2.41 29.87 4.82 — 23.51

Table 6  The stable differential pressure (psi) in the PPG blocking tests using 1 mm and 2 mm fractures.
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Fig. 16  Differential pressure during water injection into HOP-4 packed fracture (1.5 FV) with height 2 mm. 
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enables the PPG pack to easily break through by the 
flow pressure, and therefore, the flow tolerance was not 
good. The median strength balanced the blocking and 
flow tolerance, resulting in a better pressure buildup. 

Conclusions
This work studied the PPG blocking behavior by a se-
ries of coreflooding tests in open fractured carbonate 
cores. The effects of the PPG strengths, pack density, 
and particle/fracture size ratio were also investigated.
1. The swelling capacities of the PPG showed a reverse 

correlation with brine salinity. The swelling ratio of 
HOP-1, HOP-2, HOP-3, and HOP-4 decreased in 
order.

2. The storage modulus of the four PPG samples in-
creased from a magnitude of 2,000 Pa to 14,000 Pa, 
and the average particle size decreased from 2.4 mm 
to 1.1 mm.

3. The PPG samples presented better blocking perfor-
mance in smaller fracture cores. A firm pack could 
significantly improve the blocking performance in 
the open fracture. 

4. The strength of the PPG samples affected the PPG 
blocking performance significantly. The HOP-3 pack 
showed better performance in open fractures than the 
other samples, due to the well-adjusted properties in 
blocking and flow tolerance. 
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Large amounts of aqueous-based fluids used in hydraulic fracturing of tight formations is not fully recov-
ered immediately after the treatment, resulting in increased water saturation, water blockage, clay swell-
ing, reduced relative permeability, and long-lasting formation damage that impedes production. To en-
hance flow back fluid recovery, nanoemulsion-based flow back aids were developed for oil-bearing 
sandstone and carbonate formations. 

The flow back aids were formulated using a blend of high temperature stable ester-based solvents, al-
cohols, and surfactants to form optically clear nanoemulsions. The flow back aids were characterized by 
measuring the emulsion particle size, surface tension, and interfacial tension (IFT). The performance of 
the flow back aids were tested using sand and carbonate particle packed columns to determine adsorption 
tendencies of the surfactants and the displacement efficiency of aqueous fracturing fluid by crude oil. 

Emulsion tests were conducted to determine emulsion breaking efficiency of the flow back aids between 
aqueous fracking fluid and crude oil. Finally, core flow tests were performed with low permeability cores 
(1 md to 15 md) at reservoir conditions to determine the regained permeability in the presence of flow 
back aids. All the developed flow back aids demonstrated low surface tension (22 mN/m to 30 mN/m) 
and IFT (< 6 mN/m), which is necessary for reducing capillary pressure. 

The particle size of the nanoemulsions was found to be 5 nm to 15 nm. The flow back aids were able 
to prevent the formation of the emulsion with crude oil. It has been found that nanoemulsions formulat-
ed using nonionic and anionic surfactants worked better for sandstone, whereas nonionic and cationic 
surfactant-based formulations worked better for carbonate. These formulations not only provide quick 
aqueous fluid displacement, but also greatly enhance the rate of oil flow in core flow experiments con-
ducted with broken slick water fracturing fluids. It was determined that in the absence of a flow back aid, 
the regained permeability was around 40%, whereas with flow back aids it was increased to 65% to 75%.

This article demonstrates the effectiveness of flow back enhancers to quickly recover the injected 
aqueous fracturing fluid, thereby reducing water saturation, which in turn enhances productivity, and 
shows the benefit of applying the chemistry for low permeability oil reservoirs.

Enhanced Regained Permeability and Fluid Flow 
Back from Tight Sandstone and Carbonate Oil 
Reservoirs with Unique Flow Back Chemistry
Dr. Rajesh K. Saini, Brady Crane, Nicole R. Shimek, Dr. Weiran Wang and Brent Cooper 

Abstract  /

Introduction
Aqueous-based fluids are preferred for hydraulic fracturing treatments due to their low cost and ease of handling. 
The retention of injected aqueous fluid can negatively affect the production of hydrocarbons. Therefore, differ-
ent chemical additives and surfactants have been investigated to increase the recovery of fracturing fluids1, 2. In 
unconventional wells (shale, sandstone, and carbonate containing oil and gas wells) with low permeability (< 1.0 
md) it has been shown that water-based fluids can significantly reduce reservoir permeability, and impair well 
productivity3, 4. Some of the causes of impaired productivity include increased water saturation near the wellbore, 
clay swelling, and increased ductility of formation and proppant embedment. 

During hydraulic fracturing of tight formations, spontaneous imbibition occurs within low permeability in under-
saturated reservoirs. The aqueous fluid then gets trapped in pore spaces as well as within the created microfractures 
and induced fractures5. During the production phase, when oil and gas flows through this low permeability zone, 
it may take a considerably long time before the invaded fluid is expelled6. The depth of imbibition into the rock is 
determined not only by permeability and saturation of the reservoir, but also by the chemical affinities between 
the oil/gas, rock reservoir fluid, and the invading fluids. 

To remove the aqueous fracturing fluid fluids from the formation, the capillary pressure needs to be significantly 
reduced to produce the imbibed fluid. Capillary pressure in porous media is usually simplified in the form of the 
following equation, Eqn. 1:
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Pc = γ. Cos θ/d   (1) 
 

𝜎𝜎 =  (𝜌𝜌𝑤𝑤− 𝜌𝜌𝑜𝑜)∙𝑅𝑅3∙𝜔𝜔2

4    (2) 
 

 

 

 

 

 

 

 1

where, γ = surface tension (mN/m or Dyne/cm), Cos θ = cosine of contact angle between the rock, fluid and gas, 
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d = diameter of pores (mm), and Pc = capillary pressure 
(Pascal).

To remove the aqueous fluid from the porous channel, 
the capillary pressure needs to be overcome, which can be 
done by either reducing surface tension or increasing the 
contact angle. Surface active materials have been used to 
reduce surface tension and recently emulsion-based flow 
back enhancers are being used to recover the invaded 
fracturing fluid from tight formations.

Flow back aids or flow back enhancers are usually 
mixtures or emulsions of various kinds of surfactants, 
solvents, or both. They are added to stimulation treatment 
fluids to reduce capillary pressure by reducing interfacial 
tension (IFT) and surface tension. The stimulation of 
unconventional wells needs around 37,854 m3 to 75,708 
m3 (10 to 20 million gallons) of slick water fluid per well7-10. 
The amount of flow back enhancer used in these fluids 
range from 0.1% v/v to 0.2% v/v, which can substantially 
increase the cost of the treatment. 

During the past decade, microemulsions and/or na-
noemulsions have gained more interest in hydraulic 
fracturing. It has been demonstrated that wells treated 
with fluids containing microemulsions and/or nanoemul-
sion flow back enhancer additives were more productive 
than a well that was treated with traditional surfactants. 
Enhancing the penetration and cleanup of water-based 
fracture fluids and allowing higher fluid return and hy-
drocarbon production are among common attributes 
to such additives. 

Based on the superiority of microemulsion and na-
noemulsion-based fluids over traditional surfactant fluids 
in flow back enhancement, we focused our development 
on the formulation of nanoemulsion-based flow back 
enhancers11-14. These fluids are specifically designed for 
carbonate and sandstone formations containing oil, as 
you need different formulations for different mineralogy 
of formation and also with formation containing oil and 
gas. Flow back enhancers do not work for all forma-
tions due to the interactions between the surfactant, 

the formation mineralogy and oil that dictate the effec-
tiveness of the fluid.

Materials and Methods
Materials

All the chemicals used to formulate the flow back en-
hancer were of analytical grade and used as received 
without any further purification. Deionized (DI) water 
was used in the formulation. Isopropanol, propylene 
glycol, triethylene glycol, and potassium chloride (KCl) 
were obtained from VWR Scientific. Secondary alcohol 
ethoxylate and Dowanol™ DPM glycol ether were ob-
tained from Dow Chemicals. Pluronic L64 (Mn ~2900) 
was obtained from BASF, and castor oil, ethoxylate, was 
obtained from Vantage. Dodecylbenzene sulfonic acid 
was attained from TCI America, modified quaternary 
imidazoline from Lubrizol, and an unsaturated ester 
solvent from Elevance Renewable Sciences. SafeCarb 
250 (250 to 300 micron carbonate particles) was obtained 
from Newpark, and 80 to 100 mesh sand particles from 
Carbo Ceramics. 

A friction reducer polymer (partially hydrolyzed poly-
acrylamide Mw > 9 million) was prepared in-house. 
Berea sandstone and Austin chalk carbonate cores were 
procured from Kocurek Industries.

Preparation of Flow Back Enhancer Formulations

Three nanoemulsion-based flow back enhancers, namely 
FBE-A, FBE-B, and FBE-C were formulated by blend-
ing different surfactants, solvents, alcohols, and water, 
Table 1. The concentration of surfactants and solvents 
in the nanoemulsion are also provided. The sequence of 
the addition of the chemicals are in the order of: water, 
alcohol, surfactant, and solvent. 

All the chemicals were mixed for 30 minutes and when 
everything was dissolved an unsaturated ester solvent 
from Elevance was added at the end and mixed addi-
tionally for 10 minutes. It was noted that an initial milky 
solution was formed but on further mixing it turned to 
a clear solution without any layer or separation. The 

Flow Back 
Enhancer Surfactant/Solvent Blend Activity (%) Nanoemulsion 

Charge

FBE-A

DI water, mixture of alcohols,  
unsaturated ester solvent 65

Nonionic
Secondary alcohol ethoxylate, pluronic L64, 

castor oil ethoxylate
35

DI water, mixture of alcohols,  
unsaturated ester solvent

65

Cationic

FBE-B

Secondary alcohol ethoxylate, castor oil 
ethoxylate, modified quaternary imidazoline

35

DI water, mixture of alcohols,  
unsaturated ester solvent

65

Anionic
FBE-C

Secondary alcohol ethoxylate, castor oil 
ethoxylate, pluronic L64,  

dodecylbenzene sulfonic acid

35

Table 1  Formulation of flow back enhancers FBE-A, FBE-B, and FBE-C.



4 The Aramco Journal of Technology Fall 2021

Elevance unsaturated ester was used as an oil phase for 
the nanoemulsion formation. 

Emulsion Particle Size Determination

The particle size of the flow back enhancer nanoemulsions 
were measured by a Malvern Zetasizer. This measure-
ment was done directly on the flow back additive as well 
as by adding a flow back enhancer (0.1% v/v to 0.2% v/v 
concentration) to a 6% KCl solution in water.

General Procedure for the Preparation of Fluids 

Preparation of 6% KCl containing flow back en-
hancer: To 250 ml of water in a beaker, 15 g of KCl 
was added and stirred to get a clear solution. To 100 
ml of this solution, 0.2 ml of flow back enhancer was 
added and mixed for 5 minutes. This diluted fluid was 
used for the gravity drainage fluid recovery column test 
and other tests. 
Preparation of slick water fluid for core flow and 
emulsion test: To 250 ml of water in a Waring blender, 
15 g of KCl and 0.5 ml of flow back enhancer (0.2% v/v) 
were added and mixed for 5 minutes. To this stirred 
solution, 0.5 ml (0.2% v/v) of the friction reducer was 
added and mixed for another 10 minutes to hydrate the 
polymer. Then, 0.06 g (0.024 wt%) of sodium persulfate 
was added and the solution was placed in a heated water 
bath at 180 °F for 12 hours. This broken fluid was used 
to run the core flow and emulsion tests. 
Surface tension and IFT measurement: The surface 
tension measurement was done on a Rame-Hart Model 
210 Goniometer/Tensiometer. The instrument permits 
the measurement of both surface tension as well as IFT 
on pendant and sessile drop. The 6% KCl fluid solution 
containing 0.1% v/v to 0.2% v/v of flow back enhancer 
was used to measure the surface tension and IFT. For 
reference, water and a 6% KCl solution was also included 
in the testing. Measurements were done in triplicate and 
the average reported for each surface tension. 

The oil/water IFT was measured using an SVT 20 
N spinning drop video tensiometer from DataPhysics 
Instruments. The IFT was calculated using the following 
equation (Vonnegut evaluation). The IFT was determined 
according to a single measurement method, Eqn. 2: 
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where, σ = the oil/water IFT (mN/m), pw = density of 
water (1.0 g/mL), po = density of crude oil (0.8378 g/
mL), w = rotational speed (rpm) and R = width of the 
oil droplet (mm). The density of crude oil (p = 0.8378 
g/mL) was measured by using a densitometer. 

Contact Angle Measurement

Contact angle measurement on flame cleaned glass 
slide: Glass slides were flame cleaned by holding it with 
tweezers in a Bunsen burner flame. The glass slide was 
then air cooled. A drop of fluid with a 0.2% v/v flow 
back enhancer was then placed on the glass slide and 
the contact angle was measured using a pendant drop 
tensiometer.
Contact angle measurement on flame cleaned glass 
slide followed by flow back fluid: A glass slide was 

flame cleaned by holding it with tweezers in a Bunsen 
burner flame and then air cooled. The slide was then 
dipped in a 0.2% v/v flow back enhancer solution in 6% 
KCl for about 10 minutes and then dried in an oven (80 
°C for 30 minutes). A drop of DI water was placed on the 
pretreated slide and the contact angle was measured — 
it measures the ability of the flow back additive to alter 
the contact angle of the surface.

Emulsion Break Test

Emulsion break tests were performed in a 15 mL poly-
propylene conical tube. In the blank test, 5 ml of broken 
slick water fracture fluid without any flow back enhancer 
and 5 ml of crude oil were added to the conical tube 
and capped. The tube was shaken vigorously by hand 
for 20 to 25 seconds to form an emulsion. The tube was 
then placed without disturbing to demulsify at room 
temperature for 15 minutes and then in a water bath 
maintained at 65.56 °C (150 °F) for 40 minutes. The 
conical tube was taken out of the water periodically to 
take pictures to assess the emulsion breakage. 

To test the flow back enhancer, an aqueous broken slick 
water fracturing fluid containing 0.2% v/v of flow back 
enhancer was used. Crude oil was added to 5 ml of this 
solution containing 0.2% v/v flow back enhancer in the 
conical tube 5 ml. The procedure mentioned above was 
followed and emulsion breakage pictures taken.

Gravity Drainage Fluid Recovery Column Test 

Step 1: Packing the column and finding the pore 
volume (PV): Figure 1 depicts the experimental setup 
for this test. An 8.5-cm long, 1.6-cm internal diameter 
short glass column equipped with stainless screen of 
200 mesh and a drainage valve with a stopcock was used 
for this test. The valve was closed before the column 
was packed. The column was gravity packed by pouring 
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Flow Back 
Enhancer Surfactant/Solvent Blend Activity (%) Nanoemulsion 

Charge 

FBE-A 

DI water, mixture of alcohols, 
unsaturated ester solvent 65 

Nonionic 
Secondary alcohol ethoxylate, pluronic 

L64, castor oil ethoxylate 35 

FBE-B 

DI water, mixture of alcohols, 
unsaturated ester solvent 65 

Cationic Secondary alcohol ethoxylate, castor oil 
ethoxylate, modified quaternary 

imidazoline 
35 

FBE-C 

DI water, mixture of alcohols, 
unsaturated ester solvent 65 

Anionic Secondary alcohol ethoxylate, castor oil 
ethoxylate, pluronic L64, 

dodecylbenzene sulfonic acid 
35 

 
Table 1  Formulation of flow back enhancers FBE-A, FBE-B, and FBE-C.  
 
 
 

 
 
Fig. 1  The gravity drainage fluid recovery column apparatus used. 
 
 

Fig. 1  The gravity drainage fluid recovery column apparatus used.
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approximately 10 mL of 6% KCl (or 10 mL of 6% KCl in 
water containing 0.2% v/v of flow back enhancer) into 
the column followed by a slow, continuous addition of 
10 g of 40/70 mesh sand while vibrating the column. 

The column was kept vibrating until the pack height 
in the column had stabilized. The excess fluid above the 
pack was removed from the column so that the level of 
the liquid exactly matched the level of the sand in the 
column. The PV of the packed column was calculated 
as the difference in volume of fluid prior to the column 
packing and after the column has been packed.
Step 2: Treatment of pack with flow back fluid fol-
lowed by oil drainage: Three additional PVs of 6% KCl 
or 6% KCl containing 0.2% v/v of flow back enhancer 
was passed through the column by opening the valve 
and draining fluid through the pack, while constantly 
replenishing the fluid on the top of the pack to prevent 
drying of the column. The drained fluid was collected 
in a graduated cylinder. After the last PV was passed 
through the column, the level of the fluid was adjusted 
exactly to the level of the sand bed by closing the valve 
once the fluid had become level. 

Crude oil was then added to the top of the sand pack 
to form a 5 cm oil column above the bed. The valve was 
then opened, and the displacement weight of aqueous 
fluid was collected in a graduated cylinder. This cylinder 
was kept on a balance connected to a data logger, which 
automatically collects weight with respect to time.

The oil height above the sand bed was kept constant 
at 5 cm by adding of more crude oil by using a dropper. 
The experiment was conducted for 30 to 60 minutes 
depending on the flow rate. When both brine and oil 
were produced from the column, they were separated 
and weighed separately. The cumulative fraction weights 
were divided by PV weight and reported as a percentage 
of fluid recovery with time. The breakthrough of oil with 
time was also noted.

Amott Cell Imbibition Test 

Amott cells were used for spontaneous imbibition testing, 
specifically to compare the release of oil from the sand 
core when exposed to a variety of blends of 6% KCl and 
0.2% v/v concentration of flow back enhancers. Berea 
sandstone or Austin chalk core plugs with an approximate 
permeability of 1 md to 5 md were utilized for testing. 
The clean dry cores were saturated under vacuum with 
kerosene oil. The mass/volume of oil uptake was deter-
mined gravimetrically. 

The saturated core plugs were then placed in an Amott 
cell containing various treatment solutions made up of 
6% KCl brine and a flow back concentration of 0.2% v/v. 
The released kerosene was then recorded as a cumulative 
volume over time and normalized to the volume of oil 
that was initially imbibed into the core. The testing was 
conducted at room temperature and the kerosene released 
was monitored for a period of 24 hours. 

Figure 2 is a schematic of the setup of the Amott cell 
apparatus.

Core Flow Regained Permeability Test

Core flow tests were performed in a coreflood apparatus 

using Berea gray sandstone cores of 15.24 cm (6”) length 
and 3.81 cm (1.5”) diameter. The average initial perme-
ability (kerosene) of the cores used for the tests ranged 
between 5 md to 15 md. A confining pressure of 13.79 
MPa (2,000 psi) and back pressure of 6.89 MPa (1,000 
psi) was applied to the core. The core holder was heated 
to a temperature of 93.33 °C (200 °F). 

The core was saturated under pressure and tempera-
ture by flowing kerosene through the core at the rate 
of 5 mL/min in the production direction until a stable 
reading was obtained. The initial permeability was cal-
culated from this stable reading. After a stable reading 
— variation of less than 2.5% was observed over 5 PVs 
during injection — was obtained, broken fracture fluid 
in 6% KCl containing 0.2% v/v of flow back enhancer 
was pumped in the opposite direction at 5 mL/min for 
12 minutes, to simulate the same flow and a treatment 
volume of approximately 2 PVs. The core was shut-in 
overnight (16 hours) at temperature and then kerosene was 
injected in the production direction at 5 mL/min until a 
stable reading was obtained. The stable reading gives the 
final permeability. From initial and final permeability, 
the percentage of regained permeability was calculated. 
The core flow apparatus schematic is given in Fig. 3.

Results and Discussions
Three new flow back enhancer formulations, FBE-A, 
FBE-B, and FBE-C, were developed for use in hydraulic 
fracturing applications of carbonate and sandstone res-
ervoirs containing oil. In this study the performance of 
the newly developed flow back enhancers were evaluated.

Flow Back Enhancer Formulations

The new formulations were prepared by blending vari-
ous surfactants, alcohols, and solvents in the form of an 

Fig. 2  A schematic of the Amott cell imbibition apparatus.
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aqueous mixture to form oil-in-water nanoemulsions. The 
FBE-A flow back enhancer was designed to be nonionic 
in character, the FBE-B as cationic in character, and the 
FBE-C as anionic in character. 

Table 2 lists the formulation of the three developed 
flow back enhancers. The different materials in the for-
mulation were previously listed in Table 1. The oil phase 
(unsaturated ester solvent) was added at the end after 
solubilizing the other components. All of the formulations 
were prepared at an active surfactant concentration of 35 
wt%. A concentration of 0.2% v/v flow back enhancer 
was used in the treatment fluid unless mentioned oth-
erwise. All of the flow back enhancers were designed 
in such a way to achieve low surface tension and IFT, 
good demulsification properties, low adsorption on the 
formation’s mineral surface, and to provide performance 
for quick fluid recovery. 

The flow back enhancer formulations contain a demul-
sifier with a hydrophilic-lipophilic balance (HLB) in the 
range of 10 to 16, nonionic surfactants for low adsorption, 
different mixtures of solvent to cover wide areas of the 
Hansen solubility chart, and a solvent phase that has 
a higher flash point than typical flow back enhancers. 
For the sandstone formations, an anionic surfactant was 
used as a combination of flow back enhancer in one of 
the formulations because silica has a negative charge, 
and therefore, the anionic surfactants will not adsorb 
onto it, but at the same time will provide low surface 
tension and IFT. 

Sulfonate-based surfactants are good surfactants as 
they have high temperature stability and are compatible 
with divalent ions in water. For carbonate formations, 
which have a slightly positive charge, a cationic surfactant 
was included in one of the flow back enhancers, as both 
positive charges will repel each other, thereby lowering 
the adsorption. 

Surface Tension, IFT and Emulsion Droplet Size

Table 3 shows that all the flow back additives developed 
have a surface tension of less than 31 mN/m at a concen-
tration of 0.2% v/v. We have also measured the surface 
tension of water and 6% KCl as standard for comparison 
purposes. In comparison to water, the surface tension 
of the solution containing 0.1% and 0.2% v/v of FBE in 
6% KCl was much lower in comparison to water and 6% 
KCl solution. The low value of surface tension lowers the 
capillary pressure in the tight formation that enhances 
the production of flow back fluid and oil.

IFT was measured with a spinning drop tensiometer 
using crude oil and flow back enhancer at 0.1% v/v to 
0.2% v/v in 6% KCl. As seen in Table 3, water and 6% 
KCl have an IFT of 28.85 mN/m and 24.48 mN/m when 
measured with crude oil, respectively. When a 0.1% v/v 
to 0.2% v/v flow back enhancer was used with the 6% 
KCl, the IFT dropped significantly. A lower IFT helps in 
the prevention of water and oil blocks in the formation, 
and helps in enhanced fluid recovery.

The particle size of the flow back enhancer emulsion 

Flow Back 
Enhancer Charge Surfactant Activity 

(wt%) Remarks Solvent Used

FBE-A Nonionic 35% Nanoemulsion Ester with high Fp

FBE-B Cationic 35% Nanoemulsion Ester with high Fp

FBE-C Anionic 35% Nanoemulsion Ester with high Fp

Table 2  The flow back enhancer formulations.
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Fig. 2  A schematic of the Amott cell imbibition apparatus. 
 
 
 
 
 
 

 
 
Fig. 3  Core flow apparatus setup. 
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formed was also measured by dynamic light scattering 
by adding 0.1% to 0.2% of FBE in 6% KCl. Table 3 
also shows that the size of emulsion was smaller than 
10 nm for the prepared flow back enhancers. The size 
of the emulsion droplet proved the formation of the oil-
in-water nanoemulsion.

Contact Angle

The wetting characteristics of flow back enhancers on a 
glass surface was evaluated by the contact angle method. 
The glass slides were flame treated before conducting the 
tests to remove any dust and organic materials. Table 4 
lists the contact angle of the 0.2% v/v flow back additive 
in 6% KCl on heat cleaned glass slides and the contact 
angle of water on pretreated glass slides with 0.2% v/v 
flow back additive in 6% KCl.

Most of the contact angles were below 23.5° pointing to 
a water-wet surface. After the glass slides were pretreated 
with 0.2% v/v of flow back additive in 6% KCl and dried 
in an oven, the contact angle was measured with DI water. 
The contact angle for most of the fluids changed only a 
little bit, except FBE-C, which moved from 16.3° to 45°. 
The flow back enhancer FBE-C changed the wettability 

of the glass slide to a higher value.
Since FBE-A and FBE-B contained a linear ethoxylated 

alcohol-based surfactant as demulsifiers, that kept the 
surface hydrophilic, which is good for oil recovery. At the 
same time, it lowers the surface tension and IFT that is 
good for flow back of fracturing fluid and oil production. 
Changing the contact angle to a higher value and closer 
to 90° is important to make the surface of the formation 
non-wetting, which is good for production of both oil 
and water, and the prevention of oil and water from 
blocking the formation. FBE-C with a contact angle of 
45° is good for prevention of oil and water from blocking 
the formation.

Emulsion Breaking

One of the functions of a flow back enhancer is to prevent 
the formation of emulsion between the formation oil and 
the fracturing fluid. Without flow back enhancers, the 
fracturing fluid can form water-in-oil emulsion with the 
crude oil, which can plug the formation or reduce the 
production of oil. The flow back enhancers are formulated 
to prevent the formation of emulsions or to demulsify an 
emulsion that has been formed. To accomplish this task, 
a demulsifier such as alcohol ethoxylate, PEG-PPG-PEG 
and castor oil ethoxylates with HLB in the range from 
10 to 16 are used in the formulations. 

Emulsion break tests were conducted to test the ef-
fectiveness of the flow back enhancers at preventing an 
emulsion formation between the crude oil and fracturing 
fluid. The aqueous broken slick water fracturing fluid 
without any flow back enhancer was shaken with crude 
oil at a ratio of 1:1 to observe the formation of emulsion. 
This serves as the control test for the emulsion forma-
tion. The emulsion was kept at room temperature for 
15 minutes to observe the separation of the aqueous 
and oil phase. After that, the emulsion was heated at 
65.55 °C (150 °F) for 40 minutes and photographed at 
set intervals to observe separation. It was observed that 
no demulsification was achieved in 1 hour.

Fluids Charge FBE Concentration Surface Tension 
(mN/m)

Interfacial Tension 
with Crude Oil 

(mN/m)

Emulsion 
Droplet Size 

(nm)
Water Neutral 0 71.26 28.85 —

6% KCl Neutral 0 73.74 24.48 —

Crude oil — 0 38.75 — —

FBE-A Nonionic Nanoemulsion 0.1% v/v in 6% KCl 30.80 5.16 5.0

FBE-A Nonionic Nanoemulsion 0.2% v/v in 6% KCl 30.69 5.80 5.5

FBE-B Cationic Nanoemulsion 0.1% v/v in 6% KCl 23.3 0.618 6.0

FBE-B Cationic Nanoemulsion 0.2% v/v in 6% KCl 21.34 0.616 8.0

FBE-C Anionic Nanoemulsion 0.1% v/v in 6% KCl 30.10 6.17 9.5

FBE-C Anionic Nanoemulsion 0.2% v/v in 6% KCl 28.47 2.79 9.2

Table 3  Surface tension, IFT, and the size of the emulsion droplets of FBE in various types of fluids.

Flow Back 
Enhancer

Heat Cleaned 
Glass Slide

Pretreated Glass 
Slide 

6% KCl 4.6 4.8

FBE-A 14.6 10.5

FBE-B 16.7 16.3

FBE-C 16.3 45.0

Table 4  The contact angle of 0.2% v/v flow back additive in 
6% KCl on heat cleaned glass slides; and the contact 
angle of water on pretreated glass slides with 0.2% 
v/v flow back additive in 6% KCl.
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Similarly, the experiments were conducted with a 
0.2% v/v of flow back enhancer in a broken slick water 
fluid formed in 6% KCl and shaken with crude oil. The 
emulsion formed was then left at room temperature for 15 
minutes followed by heating at 65.55 °C for 40 minutes. 
The separation of oil and aqueous phase was observed 
and photographed. 

Table 5 shows that when there was no flow back en-
hancer present, the broken fracturing fluid formed a 
tight emulsion with crude oil and no separation was 
observed at room temperature or at 65.55 °C within 1 
hour. Whereas, when the developed flow back enhancers 
were added at a 0.2% v/v concentration, the emulsion 
started breaking at room temperature within 15 minutes. 
Heating at 65.55 °C allowed the aqueous phase and oil 
phase to separate into two distinct layers. In some cases, 
a yellow color was observed in the aqueous phase, which 
was due to some oil-in-water emulsion.

Depending on the crude oil and its constituents (wax, 
acidity, or basicity, etc.) it will be required to adjust the 
demulsifier present in the flow back enhancer to a lower 
HLB so as not to form oil-in-water emulsion. The higher 
temperature in some wells will also help in the breaking 
of emulsions at a faster rate and the oil water interface was 
a crisp layer, indicating a little emulsion at the interface. 

Gravity Drainage Fluid Recovery Column Test
In this test, a small column was packed with SafeCarb 
250 carbonate particles (250 to 300 microns), and then 
the column was treated with 3 PVs of fluid containing 
0.2% v/v of flow back enhancer in a 2% KCl solution. 
After the drainage of 3 PVs of the fluid, crude oil was 
added on top of the column to displace the aqueous fluid 
containing a flow back enhancer from the pore spaces 
of the packed column. 

A successful treatment was one that allowed quick dis-
placement of the water phase containing the flow back 

Room Temperature 65.55 °C (150 °F) 

Time    5             10         15        5         10      15            20          30         40 min

Broken fracture 
fluid crude oil 
without FBE 
(ratio 1:1)
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Table 5  The emulsion break test of the emulsion formed between the broken slick water fracturing fluid 
prepared in 6% KCl with crude oil (ratio of 1:1) containing 0.2% v/v of flow back enhancer. The emulsified 
sample is kept at room temperature for 15 minutes followed by 40 minutes at 150 °F in a water bath. 
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Table 5  The emulsion break test of the emulsion formed between the broken slick water fracturing fluid 
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Table 5  The emulsion break test of the emulsion formed between the broken slick water fracturing fluid prepared in 6% KCl with crude oil (ratio of 
1:1) containing 0.2% v/v of flow back enhancer. The emulsified sample is kept at room temperature for 15 minutes followed by 40 minutes 
at 150 °F in a water bath.
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enhancer fluid followed by quick oil breakthrough in 
comparison to a control treatment of 2% KCl followed 
by crude oil. A greater displacement volume early in the 
drainage test was considered an advantage as it translates 
to quick recovery of load and increased hydrocarbon 
production. 

Figure 4 shows the results from the gravity drainage 
column test. In this test the three developed flow back 
enhancers, FBE-A, FBE-B, and FBE-C, were used at 
a concentration of 0.2% v/v in 6% KCl. Crude oil was 
used as the displacement fluid. A control experiment 
was done with 6% KCl fluid without any flow back en-
hancer. As seen in Fig. 4, the control fluid gave an initial 
“spurt” of displaced brine and then stopped draining, 
resulting in a near flat response for the remaining time 
in comparison to the other test results. 

The best performing flow back enhancer from this 
test was FBE-C, which had a breakthrough of crude oil 
after 900 seconds and an aqueous fluid displacement of 
98%. The two-phase flow after oil breakthrough had an 
upward trending line that shows it increased the rate of 
brine and oil flow through the column. The FBE-B saw 
oil breakthrough after 945 seconds with an aqueous 
brine fluid displacement of 70% at the oil breakthrough 
point. In all these experiments, the clear winner was the 
anionic flow back enhancer FBE-C followed by FBE-B. 

Similarly, the gravity drainage test is conducted with 
an 80/100 mesh sand packed column with a 0.2% v/v 
flow back enhancer, FBE-A, FBE-B, and FBE-C, in 6% 
KCl with displacement with crude oil. Figure 5 shows 
the results from the gravity drainage column test. A 
control experiment was done with 6% KCl fluid without 
any flow back enhancer. 

The best performing flow back enhancer from this test 
was FBE-C, which had an early breakthrough of crude 
oil within 300 seconds. The two-phase flow after oil 
breakthrough had an upward trending line that shows 
it increased the rate of brine and oil flow through the 
column. FBE-B saw oil breakthrough after 1,100 seconds. 
FBE-B had approximately 80% brine drainage before 
the two-phase flow started. FBE-A took around 1,500 
seconds for oil breakthrough with 100% brine recovery. 
But the oil recovery after that slowed down. In all of 
these experiments, the clear winner was the anionic 
flow back enhancer FBE-C.

Amott Cell Imbibition Test
In the Amott cell experiment, Indiana Limestone cores 
were saturated with kerosene oil under vacuum. Kerosene 
was used as a substitute for crude oil. Based on the diffi-
culty of procuring crude oil, the differences in crude oils 
from various locations, as well as how the composition 
of crude oil can change over time, it was concluded that 
it was best to use a reference fluid for the tests. Further 
research is planned for each target crude oil. 

A test fluid of 6% KCl containing 0.2% v/v of flow 
back enhancer was used to run the experiment at room 
temperature for 24 hours while the displaced kerosene 
from the core was measured. Figure 6 shows that when 
no flow back enhancer was present in the 6% KCl fluid 
solution, the core released kerosene oil very slowly and 

only reached a recovery of 32% in 24 hours. 
As seen from most of the flow back enhancer tests, the 

maximum amount of oil displacement occurred in the 
first 20 minutes of the core immersion in the flow back 
enhancer fluid, followed by small releases in the next 
24 hours. When referring to the IFT results in Table 3, 
the product with the lowest IFT did not result in the 
best oil production. It seems it also depends on other 
factors such as mineralogy, wettability, and interaction 
with surfactants and brines. The best kerosene recovery 
was obtained using flow back enhancer FBE-B followed 
closely by FBE-C with an ultimate recovery of 56% 
and 55%, respectively. FBE-A provided a recovery of 
approximately 49%. 

Similarly, Amott cell imbibition tests were done on 
Berea buff sandstone cores saturated with kerosene oil 
under vacuum. A treatment fluid of 6% KCl containing 

Fig. 4  The gravity drainage fluid recovery column test result with 0.2% v/v flow 
back enhancer in a 6% KCl followed by crude oil using a SafeCarb 250 
packed column. 
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Fig. 5  The gravity drainage fluid recovery column test results with 0.2% v/v flow 
back enhancer in a 6% KCl followed by crude oil using 80/100 mesh sand 
pack.
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0.2% v/v of flow back enhancer was used to run the 
experiment at room temperature for 24 hours and the 
displaced kerosene from the core was measured. 

Figure 7 shows that when no flow back enhancer was 
present in the 6% KCl fluid solution, the released ker-
osene oil from the core was very slow and only reached 
a recovery of 32% in 24 hours. As seen from most of 
the flow back enhancer tests, the maximum amount of 
oil displacement occurred in the first 20 minutes of the 
core immersion in the flow back enhancer fluid followed 
by a small release in next 24 hours.

When referring to the IFT results in Table 3, the product 
with the lowest IFT did not result in the best oil pro-
duction. The best kerosene recovery was obtained using 
flow back enhancer FBE-C, an anionic nanoemulsion 
and a cationic flow back enhancer FBE-B of 59% and 
56%, respectively. Other flow back enhancers provided 
oil recovery of approximately 46% to 50%. 

Core Flow Regained Permeability Test
Several core flow experiments were performed to com-
pare the nanoemulsion flow back enhancers developed 
to improve relative permeability and fluid recovery in 
the presence of kerosene and broken fracturing fluid. 
Austin chalk was chosen to use for the core flow tests. 
The permeability for these cores was at the correct range 
to provide adequate differential pressure across the core 
while still being able to maintain a pumping rate of at 
least 1 mL/min. 

The tighter cores of the same size require the pump-
ing rates to be too slow. Broken fracture fluid is used 
for testing because the intent is to test the effect of the 
treatment on the core matrix. The slick water broken 
fracture fluid was used as the treatment stage in the core 
flow tests and kerosene was used for the initial and final 
regained permeability test using the Austin chalk cores. 

Three different nanoemulsion solutions (FBE-A, FBE-
B, FBE-C) were tested to compare the effectiveness of 
these solutions in improving oil permeabilities in carbon-
ate cores. Initial permeability was measured by injecting 
kerosene at 3 mL/min through the core at temperature 
of 93.33 °C (200 °F) until the pressure was stabilized. 
The results from Table 5 showed that the initial oil per-
meability of the cores used in the test were between 5 
md to 30 md. The core was then injected with 2 PVs 
of broken slick water fluid containing 0.2% v/v of flow 
back enhancer. The core was then maintained at room 
temperature overnight — for 16 hours — to mimic the 
time between treatment and flow back. The regained 
permeability was measured by injecting kerosene in the 
production direction at 3 mL/min until a stable reading 
was obtained. The regained permeability data for the 
Austin chalk core flow tests are given in Table 6. 

The control permeability was also measured by in-
jecting broken slick water fluid without any flow back 
enhancer and then measuring the regained permeability 
by injecting kerosene in the same way as done for the 
broken slick water fluid containing a flow back enhancer, 
Fig. 8. In the control experiment, the initial permeabil-
ity of the core with kerosene was found to be 16.6 md. 
After the injection of 2 PVs of broken slick water fluid 

without the addition of a flow back enhancer, the final 
regain permeability with kerosene was found to be 9.4 
md. In the control experiment, a regained permeability 
of 56.6% was obtained. 

Table 6 also shows that the regained permeability of 
the control sample was 56.6% whereas the broken slick 
water fracturing fluid containing FBE-A, FBE-B, and 
FBE-C is 70%, 75%, and 64%, respectively. From these 
tests it can be clearly seen that all the treatments with 
flow back enhancer fared better than the control sample. 
Also, the FBE-B at 75% regained is the best flow back 
enhancer in terms of regain permeability. 

In the column testing, FBE-C fared better than FBE-B, 
but in Amott cell and core flow testing of FBE-B fared 
better than FBE-C. Consequently, the results from the 
Amott cell and core flow test can be within experimen-
tal errors. It is fair to say that FBE-B and FBE-C both 

Fig. 6  Kerosene displacement over 24 hours using 0.2% v/v flow back enhancer in 
a 6% KCl solution from kerosene saturated Indiana limestone. 
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Fig. 7  Kerosene desorption over 24 hours using 0.2% v/v flow back enhancer in a 
6% KCl solution from kerosene saturated Berea sandstone.
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Test
Flow Back Enhancer  

in Broken Slick Water 
Fluid (2 gpt)

Initial  
Permeability (md)

Regained 
Permeability (md)

Regained 
Permeability (%)

1 Control (no flow back) 16.6 9.4 56.6

2 FBE-A 19.6 13.7 69.9

3 FBE-B 9.2 6.9 75.0

4 FBE-C 24.7 15.9 64.3

Table 6  The Austin chalk core flow results using a 0.2% v/v flow back enhancer in a broken slick water fluid at 93.33 °C (200 °F).

Fig. 8  The control regained permeability test using broken slick water fluid without a flow back enhancer.

 

 

 
  

Saudi Aramco: Company General Use 

 
Test Flow Back Enhancer 

in Broken Slick 
Water Fluid (2 gpt) 

Initial 
Permeability 

(md) 

Regained 
Permeability 

(md) 

Regained 
Permeability (%) 

1 Control (no flow back) 16.6 9.4 56.6 
2 FBE-A 19.6 13.7 69.9 
3 FBE-B 9.2 6.9 75.0 
4 FBE-C 24.7 15.9 64.3 

 
Table 6  The Austin chalk core flow results using a 0.2% v/v flow back enhancer in a broken slick water 
fluid at 93.33 °C (200 °F). 
 
 
 

 
 
Fig. 8  The control regained permeability test using broken slick water fluid without a flow back enhancer. 
 
 
 
 
 
 
 
 
 
 
 
 

0

5

10

15

20

25

30

35

40

45

50

0 100 200 300 400 500 600

Pe
rm

ea
bi

lit
y 

(m
d)

Time (min)

Treatment pumped at 5 
mL/min for 12 minutes, 
then shut-in for 20 hours at 
200 °F.

Initial Perm: 16.6 md
Final Perm: 9.4 md
Regained Perm: 56.6%

Fig. 9  The regained permeability test using broken slick water fluid containing 0.2% v/v of FBE-A.

 

 

 
  

Saudi Aramco: Company General Use 

 

 
 
Fig. 9  The regained permeability test using broken slick water fluid containing 0.2% v/v of FBE-A.  
 

 
 
Fig. 10  Regained permeability test using broken slick water fluid containing 0.2% v/v FBE-B.  
 
 

0

5

10

15

20

25

30

35

40

45

50

0 50 100 150 200 250 300 350 400

Pe
rm

ea
bi

lit
y 

(m
d)

Time (min)

Treatment pumped at 5 
mL/min for 12 minutes, 
then shut-in for 20 hours 
at 200 °F.

Initial Perm: 19.6 md
Final Perm: 13.7 md
Regained Perm: 69.9%

0

2

4

6

8

10

12

14

16

18

20

0 50 100 150 200 250 300 350 400 450

Pe
rm

ea
bi

lit
y 

(m
d)

Time (min)

Treatment pumped at 5 
mL/min for 12 minutes, 
then shut-in for 20 hours 
at 200 °F.

Initial Perm: 9.2 md
Final Perm: 6.9 md
Regained Perm: 75%



12 The Aramco Journal of Technology Fall 2021

fared well with the carbonate formation containing oil. 
The graphs of the core flow tests for all of the flow back 
enhancers is presented in Figs. 8 to 11.

Similarly, core flow studies were done using Berea 
sandstone using a 0.2% v/v flow back enhancer in 6% 
KCl with FBE-A, FBE-B, and FBE-C. The slick water 
broken fracture fluid was used in the core flow tests and 
kerosene was used for the initial and final regained per-
meability test using Berea sandstone. The results from 
Table 7 showed that the initial oil permeability of cores 
used in the test were between 5 md to 15 md. The core 
was then injected with 2 PVs of broken slick water fluid 
containing 0.2% v/v of flow back enhancer. 

In the control experiment, the initial permeability of 
the core with kerosene was found to be 11 md. After the 

injection of 2 PVs of broken slick water fluid without 
the addition of a flow back enhancer, the core was al-
lowed to sit at room temperature overnight for 16 hours. 
Afterwards, the final regain permeability with kerosene 
was found to be 4.54 md. In the control experiment, a 
regained permeability of 41% was obtained. Table 7 also 
shows that the regained permeability by using a flow 
back enhancer is greater than when the broken fluid 
is used without any flow back enhancer in the Berea 
sandstone core flow tests.

On the basis of the presented results, a lower surface 
tension, IFT, and formation contact angle does not trans-
late into better fluid recovery and production. There is 
still a need for the better understanding of formation 
minerology, crude oil properties, and their interactions 

Fig. 10  Regained permeability test using broken slick water fluid containing 0.2% v/v FBE-B.
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with the different surfactants for optimum fluid recovery 
and hydrocarbon production.

Conclusions
Three nanoemulsion-based flow back enhancers (FBE-
A, FBE-B and FBE-C) were formulated and tested by 
measuring their characteristics (surface tension, IFT, 
contact angle, and emulsion droplet size) and performance 
(gravity drainage column flow test, emulsion test, Amott 
imbibition test, and core flow permeability test). 

All flow back enhancers gave very low surface tension 
and IFT required for lowering the capillary pressure. 

The flow back enhancers’ emulsions have a size smaller 
than 9.2 nm, which is able to penetrate smaller pore 
spaces in tight formations. 

All of the three flow back enhancers prevented the 
formation of emulsion with crude oil. 

From all the performance results it can be concluded that 
FBE-C is superior in the column flow test, the FBE-B is 
superior in core flow tests, and the Amott cell tests both 
have similar results within an experimental error rate. 

It can be concluded that FBE-C provided superior 
performance in the oil-bearing carbonate and sandstone 
formations followed closely by FBE-B. 

Nanoemulsions have a great potential for enhancing 
fracturing fluid and oil recovery in oil-bearing carbonate 
reservoirs.
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Mechanistic modeling of the non-Newtonian carbon dioxide (CO2) foam flow in porous media is a chal-
lenging task that is computationally expensive due to abrupt gas mobility changes. The objective of this 
article is to present a local equilibrium CO2 foam mechanistic model, which could alleviate some of the 
computational cost, and its implementation in the MATLAB reservoir simulation tool (MRST). Inter-
weaving the local equilibrium foam model into MRST enables users’ quick prototyping and testing of 
new ideas and/or mechanistic expressions. 

We use MRST, the open source tool available from SINTEF, to implement our local equilibrium foam 
model. The model utilizes the MRST automatic differentiation capability to compute the fluxes as well 
as the saturations of the aqueous and gaseous phases at each Newton iteration. These computed variables 
and fluxes are then fed into the local equilibrium foam model that estimates the bubble density — num-
ber of bubbles per unit volume of gas — in each grid block. Finally, the estimated bubble density at each 
grid block is used to readjust the gaseous phase mobility until convergence is achieved. 

Unlike the full-physics model, the local equilibrium foam model does not add a population balance 
equation for the flowing bubbles. The developed local equilibrium foam model, therefore, does not add 
much computational cost to solving a black oil system of equations as it uses the information from each 
Newton iteration to adjust the gas mobility. Our model is able to match experimental transient foam 
flooding results from the literature. The chosen flowing foam fraction (Xf ) formula dictates to a large 
extent the behavior of the solution. An appropriate formula for Xf needs to be chosen, such that our 
simulations are more predictive. 

The work described in this article could help in prototyping various ideas about the generation and 
coalescence of bubbles, as well as any other correlations used in any population balance model. The 
chosen model can then be used to predict foam flow and estimate the economic value of any foam pilot 
project.

Population Balance Mechanistic Simulation of  
CO2 Foam Flooding
Dr. Muhammad M. Almajid, Dr. Zuhair A. Al-Yousef, and Othman S. Swaie

Abstract  /

Introduction
The mobility ratio between the displacing and displaced fluids plays a major role in determining the sweep behav-
ior during any reservoir flood1. When you have a more viscous fluid displacing a less viscous one, you will have 
a piston-like displacement. Reverse the fluids and you will end up with displacing a small amount of the resident 
fluids. During gas injection in porous media, we tend to have a less viscous fluid displacing a more viscous one2. 
Therefore, the displacement ends up being nonuniform and lots of fingering ensues. 

Foaming the injected gas is an effective method in controlling its mobility3, 4. Foam is defined as a dispersion of 
gas in a liquid in which the liquid is typically surfactant-laden water. The aqueous phase of the foam is continu-
ous in porous media as it coats the rock grains, as well as separates the discontinuous gaseous phase4, 5. The gas 
bubbles are separated by thin liquid films that are called lamellae. Because the gas phase is discontinuous, it is 
apparent that the viscosity increases since you have to overcome the resistance of the lamellae before foam moves6. 
Additionally, some of the gas will be trapped, which will affect its relative permeability5, 7. 

These two factors combine to lower the gas mobility to more favorable values. Foam has been implemented in 
the field for many purposes, such as mobility control during enhanced oil recovery (EOR) projects, remediation 
jobs, acid/stimulation (diversion) jobs, and hydraulic fracturing. Due to its popularity and applicability for many 
field operations, it is important to be able to predict the foam’s behavior in porous media accurately. 

The essence of any foam simulator is that it adjusts the gas mobility somehow to represent the foamed gas 
mobility. This is typically done by computing or estimating the bubble density — number of bubbles per unit 
volume of gas — that is also known as foam texture. Ma et al. (2015)8 provides a comprehensive review of simu-
lation techniques and their characteristics. They categorize foam simulation techniques into three categories: (1) 
Population balance models, (2) local equilibrium models, and (3) other approaches that include percolation theory 
models/network models8. 
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Some of these techniques are applicable to some scales, 
but not others. For instance, the percolation theory was 
used to simulate foam flow in pore networks9, 10, which 
is a much smaller scale than where population balance 
models where used, e.g., in corefloods/field scale11, 12. 
Furthermore, Ma et al. (2015)8 subcategorize population 
balance models into three versions: (1) dynamic texture 
version, (2) local equilibrium version, and (3) implicit 
texture version. 

Commercial simulators such as Eclipse or CMG uses 
the implicit texture version where correlations are used 
to code in some physical behavior that has been observed 
into factors. These factors are then combined to derive 
a foam reduction factor, which is multiplied by the gas 
mobility to adjust it to the foam mobility. The problem 
with such models is that the parameters are usually hard 
to interpret and are not necessarily physical. The other 
two categories are more mechanistic and their parame-
ters usually have direct relationships with experimental 
observations. 

A mechanistic model is one that takes observed ex-
perimental mechanisms into account. It is the natural 
way of predicting any physical behavior. It provides a 
framework for numerical experimentation that allows 
sensitivity studies to be performed. It can, therefore, 
direct researchers into which parameters are more im-
portant to focus on or study in detail. Additionally, it is 
relatively easier to unravel the dependencies of its different 
parameters compared to other types of foam models. 
Therefore, we can study in detail what one parameter 
alters if it is changed and how the displacement behavior 
responds to changes in various parameters. 

This article details a local equilibrium mechanistic 
foam model to simulate foam flow in porous media. We 
show an application to carbon dioxide (CO2) foam, but 
predicting nitrogen (N2) foam can be achieved using the 
same developed model. The local equilibrium model is 
based on physical, observed mechanisms, and therefore, 
is built ground up from pore level phenomena. We use 
the open-source MATLAB reservoir simulation toolbox 
(MRST) from SINTEF because it allows flexibility for 
implementation and it offers automatic differentiation 
capability. The implemented foam model in MRST pro-
vides a platform for quick prototyping of new formulas 
or new physics. 

This article proceeds by reviewing the theory that is 
used to rationalize the model used. In the theory section, 
we justify the use of the local equilibrium model. Then, 
we present the results we obtained and compare them 
with experimental data from the literature. We follow 
that with a conclusion that includes potential extensions 
and remaining open questions.  

Theory
Bubbles are separated by thin liquid films that are called 
lamellae. Each lamella provides a resistance to flow6, 13. 
Many studies confirm the dependence of foam flow on 
bubble density9, 11. For instance, the pore network analysis 
of Almajid and Kovscek (2020)9 confirms that foam flow 
differs as the snap-off probability (fso) increases. As the fso 
increases, the number of lamellae in the porous medium 

becomes larger, therefore the bubble density increases, 
too. Their study, as well as many others, suggest that to 
model foam flow accurately, the bubble density needs 
to be considered.  

Population balance models track the changes in bubble 
density, nf, dynamically by adding a conservation equa-
tion for the bubble density. The assumption is that the 
flowing bubbles flow only with the gaseous phase. The 
conservation equation for them is written as: 
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 1

where Sgf is the flowing gas saturation, Sgt is the trapped 
gas saturation, nf the flowing bubble density, nt the trapped 
bubble density, uf is the Darcy velocity of the gas with 
the modified mobility due to the presence of foam, ϕ the 
porosity, k1 the generation constant, k-1 the coalescence 
constant, vw the interstitial water velocity, vf the inter-
stitial gas velocity, and Qb the source/since term of any 
preexisting bubbles. 

Notice that we have used the rate of generation defini-
tion11. The rate of generation is linearly proportional to 
the liquid phase velocity and has a power-law relationship 
with respect to the gaseous phase. The generation rate 
constant we use is the one proposed11 that is applicable 
to both the high and low quality regimes:
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 is an upper 
limit of the bubble density that is related to pore size, and 
ω is a constant that determines the shape of the inverse 
proportionality of foam generation sites.

The rate of coalescence in Eqn. 1 is proportional to the 
flux of the bubbles into termination sites in the porous 
media. Termination sites are those that have characteris-
tics that would destroy the lamellae. k-1 is the coalescence 
constant that depends on the porous medium capillary 
pressure, the limiting capillary pressure of the surfactant, 
and the concentration of the surfactant used. The foam 
coalescence constant is written as: 
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 3

where Pc(Sw ) is the capillary pressure of the porous me-
dium, which is a function of the water saturation. 
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is the limiting capillary pressure of the surfactant, which 
is a function of the surfactant concentration14. 
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 is a 
constant of proportionality. 

The coalescence of foam lamellae in the porous medium 
occurs due to the fast influx of the bubbles that causes 
stretching/expanding and eventual rupture15, 16. In ad-
dition, coalescence of lamellae could be due to the low 
wetting liquid content17 or the low surfactant concentration 
used18. If the wetting content is low, the capillary pressure 
of the system is large. This would increase the rate of 
coalescence, Eqn. 3. Similarly, if the limiting capillary 
pressure is small, due to the properties or concentration 
of the surfactant used, then k-1 increases, too. 
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Upon the appearance of lamellae in the system, the 
multiphase parameters change. Specifically, the viscos-
ity of the gas appears to be greater than expected and 
the relative permeability of the gas seems to be smaller 
than usual. To capture the effect of the increased bubble 
density on the apparent viscosity of the gas, we use the 
expression that was originally proposed by Hirasaki 
and Lawson (1985)6:
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where α is a constant of proportionality that depends on 
surfactant formulation and permeability, and μf is the 
apparent gas viscosity in the presence of foam. Note that 
the apparent viscosity increases as the bubble density 
increases, but is generally shear thinning at constant 
bubble density. 

Because foam blocks a large portion of the cross-sec-
tional area available for gas flow5, 7, we adopt a modified 
stone-type relative permeability correlation similar to 
that of Kovscek et al. (1995)19. We further assume that 
the rock is water-wet or its wettability will be modified 
due to the presence of surfactants. In foam, the aqueous 
phase is continuous, therefore, the relative permeability 
to water is unchanged and can be described as: 
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 is the endpoint water relative permeability 
and Swd is the reduced water saturation that is defined as: 
Swd = (Sw – Swc)/1 – Swc), where Sw is the water saturation 
and Swc is the connate water saturation. On the other 
hand, the gaseous phase is discontinuous, and therefore, 
its relative permeability is modified due to the presence 
of stable foam. We write the gas relative permeability 
when foam is present as:
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 is the endpoint gas relative permeability and 
Xf is the flowing fraction of foam.

There have been several numerical studies that inves-
tigated the dependence of Xf on multiphase parameters 
and rock properties9, 20. Most agree that the Xf should be 
a function of the pressure gradient, the flowing bubble 
density, and the permeability. Tang and Kovscek (2006)7 
measured Xf experimentally and analyzed its depen-
dence on the system parameters. They conclude that 
the Xf increases with the increasing pressure gradient 
and decreases with the increasing bubble density and/
or permeability. They provide the following correlation: 
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where Ψ is a constant of proportionality and the “0.4” is 
a percolation exponent that is applicable for 3D lattices. 
By combining Darcy’s law and the expression of the 
modified gas viscosity in the presence of foam, Luo et 
al. (2019)21 deduced that the Xf is a function of the total 
velocity of the aqueous and the gaseous phases: 

 

 

 
  

Saudi Aramco: Company General Use 

 

𝜕𝜕
𝜕𝜕𝜕𝜕  [𝜙𝜙(𝑆𝑆𝑔𝑔𝑔𝑔𝑛𝑛𝑔𝑔 + 𝑆𝑆𝑔𝑔𝜕𝜕𝑛𝑛𝜕𝜕)] + ∇ ⋅ (𝑢𝑢𝑔𝑔𝑛𝑛𝑔𝑔) = 𝜙𝜙𝑆𝑆𝑔𝑔 (𝑘𝑘1|𝑣𝑣𝑤𝑤||𝑣𝑣𝑔𝑔|

1
3 − 𝑘𝑘−1|𝑣𝑣𝑔𝑔|𝑛𝑛𝑔𝑔) + 𝑄𝑄𝑏𝑏                  (1) 

        

𝑘𝑘1 = 𝑘𝑘1
0 [1 − (𝑛𝑛𝑓𝑓

𝑛𝑛𝑓𝑓
∗ )

𝜔𝜔
]                         (2)  

 

𝑘𝑘−1 = 𝑘𝑘−1
0 [ 𝑃𝑃𝑐𝑐(𝑆𝑆𝑤𝑤)

𝑃𝑃𝑐𝑐∗(𝐶𝐶𝑠𝑠)−𝑃𝑃𝑐𝑐(𝑆𝑆𝑤𝑤)]
2
                     (3) 

 

𝜇𝜇𝑔𝑔 = 𝜇𝜇𝑔𝑔 + 𝛼𝛼𝑛𝑛𝑓𝑓

|𝑣𝑣𝑓𝑓|
1
3
                     (4) 

 

𝑘𝑘𝑟𝑟𝑤𝑤 = 𝑘𝑘𝑟𝑟𝑤𝑤
0 𝑆𝑆𝑤𝑤𝑤𝑤                    (5) 

 

𝑘𝑘𝑟𝑟𝑔𝑔 = 𝑘𝑘𝑟𝑟𝑔𝑔
0 𝑆𝑆𝑔𝑔𝑤𝑤 = 𝑘𝑘𝑟𝑟𝑔𝑔

0 𝑋𝑋𝑔𝑔(1 − 𝑆𝑆𝑤𝑤𝑤𝑤)                            (6) 

 

𝑋𝑋𝑔𝑔 = Ψ [ |∇𝑝𝑝|
𝑛𝑛𝑓𝑓𝑘𝑘1/2]

0.4
                         (7) 

 

𝑋𝑋𝑔𝑔 = (1 − 𝑋𝑋𝜕𝜕
𝑚𝑚𝑚𝑚𝑚𝑚)𝑢𝑢𝜕𝜕

4/27                      (8) 

 

𝜕𝜕
𝜕𝜕�̃�𝜕  [𝜙𝜙(𝑆𝑆𝑔𝑔𝑔𝑔�̃�𝑛𝑔𝑔 + 𝑆𝑆𝑔𝑔𝜕𝜕�̃�𝑛𝜕𝜕)] + 𝜕𝜕

𝜕𝜕�̃�𝑚  (�̃�𝑢𝑔𝑔�̃�𝑛𝑔𝑔) = 𝜙𝜙𝑆𝑆𝑔𝑔𝐷𝐷𝑎𝑎−1 ( 𝐷𝐷𝑚𝑚1
𝐷𝐷𝑚𝑚−1

 |�̃�𝑣𝑤𝑤||�̃�𝑣𝑔𝑔|
1
3 − |�̃�𝑣𝑔𝑔|�̃�𝑛𝑔𝑔)                (9) 

 

𝐷𝐷𝑎𝑎1 = 𝜕𝜕𝑐𝑐
𝜕𝜕1,𝑐𝑐

= 𝐿𝐿𝑈𝑈𝑐𝑐

1
3𝑘𝑘1

𝑛𝑛𝑐𝑐
,                      (10) 

 

𝐷𝐷𝑎𝑎−1 = 𝜕𝜕𝑐𝑐
𝜕𝜕−1,𝑐𝑐 

= 𝐿𝐿𝑘𝑘1.                 (11) 

 

 8

where we introduced the maximum Xf to the original 
equation proposed. Equation 8 is consistent with other 
correlations and measurements of Xf that showed that 
it depends on the gas frontal rate22, 23. We use Eqn. 8 in 
our estimation to see how much Xf is in our simulations. 

Local Equilibrium Model
Several studies have examined the steady-state behavior 
of foam flow3, 24. In these studies, the estimated steady-
state bubble density is obtained by equating the rate of 
generation and the rate of coalescence. For transient 
foam flow, Chen et al. (2010)11 proposed a local equilib-
rium model to model the flow instead of using the full 
population balance model. The motivation that supports 
using a local equilibrium model over a full population 
balance model lies in its superior computational efficiency. 
This might prove to be very important for large-scale 
computations such as those needed in field pilots/de-
velopments. Chen (2009)25 reports a speed up factor of 
more than two by the local equilibrium model compared 
to the full physics model. 

The local equilibrium model can be obtained by non-
dimensionlizing Eqn. 1: 
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where 
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 . 11

Equations 10 and 11 teaches us that when the Damkohler 
numbers are large, foam generation/coalescence is rapid 
in comparison with transport processes. Using the pa-
rameters of generation and coalescence constants and 
characteristic length, velocity, and bubble density of 1 
m, 1.1 × 10-5 m/s, and 1 × 1011 m-3 gives Da1 = 19, and Da-1 
= 17. Because these Damkohler numbers are greater 
than unity, it is justifiable to use the local equilibrium 
model to solve the system of equations developed. Even 
when using the core’s length (0.17 m), we obtain Da1 = 
3 and Da-1 = 2.89. 

Consequently, we equate the rate of generation and the 
rate of coalescence, which gives us an algebraic equation 
describing the bubble density11: 
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2
3

𝑘𝑘10|𝑣𝑣𝑤𝑤|
𝑛𝑛𝑓𝑓 − 𝑛𝑛𝑓𝑓∗𝜔𝜔 = 0.                      (12) 
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If we set ω to 3, then we have a cubic equation that 
could be solved for nf at the given multiphase conditions. 
In our simulator, Eqn. 12 is only solved when there is 
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water and gas flowing. Additionally, because we simu-
late a surfactant presaturated core, we do not need to 
worry about the surfactant concentration. Otherwise, 
this should be checked before the algebraic equation is 
solved for nf.  

In terms of numerically implementing the local equi-
librium model, Fig. 1 shows the flow chart of the process. 
The mobility of the gas is the only phase that is affected 
out of the two phases in the system. Additionally, our 
porous medium is presaturated with surfactant, so we 
do not have to check for a critical surfactant saturation 
that otherwise will have to be checked before estimating 
the bubble density in the model. 

Specifically, the local equilibrium model we implement 
computes nf algebraically, then modifies the gas relative 
permeability and viscosity. The linearized system is then 
solved again and checked for convergence. In the case 
it has not converged, the updated primary variables are 
used again to compute the phase of the fluxes, and the 
whole process is repeated until convergence is achieved. 

Results
To test our local equilibrium model, we use the experi-
mental data of Farajzadeh et al. (2009)26, who conducted 
flow experiments to compare the behavior of N2 vs. CO2 
foams in porous media at high and low pressures and 
high and low temperatures. In our comparison, we chose 
the high-pressure CO2 foam run that they performed. 
Their experimental pressure was set up to be 90 bars, 
while the temperature was controlled to be 50 °C. At 
these conditions, the CO2 is in supercritical condition 
or very close to that condition. Table 1 lists the rock 
properties and the experimental conditions. 

The experimental pressure drop history is shown 
in Fig. 2a. The pressure drop increases as the foam is 
generated in the core until it reaches a maximum value 
at the gas breakthrough. After gas breakthrough, the 
pressure drop declines as the foam bubbles coalesce 
and less resistance to flow is sensed by the fluids. Due 
to the choice of surfactants that Farajzadeh et al. (2009)26 
used, the eventual pressure drop in their experiments 
was interestingly very similar to that of CO2 gas. 

That means that all the foam had broken down and that 
no resistance to flow is available after the experiment 
had been conducted. Table 2 lists the multiphase and 
foam parameters used in the local equilibrium model. 
We had difficulties matching this transient behavior 
due to the fact that the pressure drops were already too 
small to capture. The overall pressure drop history of 
the local equilibrium model mimics that of the experi-
mental observations. The solid line in Fig. 2a represents 
the model output. Generally, it seems that the model is 
capturing the pressure drop history pretty well except 
for very early stages and after all the foam had broken 
down in the core. 

As for the liquid saturation profiles that are shown in 
Fig. 2b, the experimental observation shows that the 
foam is moving in a piston-like displacement. There 
are some capillary end effects that can be observed in 
the data, especially at the outlet of the core. The model 

predictions of the saturation profiles also propagates 
in a piston-like fashion similar to the experimental ob-
servations. The other thing we notice is that the liquid 
saturation is decreasing spatially and temporally as if 
there is an expansion wave. We believe that the model 
outputs such behavior because of the weak foam formed 
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Fig. 1  A flow chart for one time step of the full nonlinear problem.  
 
 
 
 
Permeability (md) 1,100 ± 100 
Porosity (%) 22 ± 0.2 
Diameter (mm) 40 ± 1 
Length (mm) 170 ± 2 
Pore Volume (ml) 42.5 ± 0.5 
Main Composition Quartz 
Back Pressure (bar) 90 
Temperature (°C) 50 
Flow Rate (ml/min) 1.0 

 
Table 1  The rock properties and experimental conditions. 
 
 
 
 
 
 
 

Fig. 1  A flow chart for one time step of the full nonlinear problem.

Permeability (md) 1,100 ± 100

Porosity (%) 22 ± 0.2

Diameter (mm) 40 ± 1

Length (mm) 170 ± 2

Pore Volume (ml) 42.5 ± 0.5

Main Composition Quartz

Back Pressure (bar) 90

Temperature (°C) 50

Flow Rate (ml/min) 1.0

Table 1  The rock properties and experimental conditions.
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as determined by the combination of the parameters 
used to predict the flow behavior. 

Another small discrepancy between the model and 
the experiments is seen in the propagation velocity of 
the front. The model fronts seem to be moving faster 
initially but slows down significantly as the pressure 
drop is increased. By examining the model’s output of 
the pressure drop, we notice that the numerical pressure 
drop is larger than the experimental one. This could be 
why we observe the slowdown in the frontal displacement 
velocity. Overall, we believe that the model decently 
matches the complex experimental data. 

To complement the analysis, we plotted the bubble 
density profiles corresponding to the various times 
where the saturation profiles where acquired, Fig. 2c. 
The bubble density increases significantly from the inlet 
to the front where it reaches a maximum value. Most 
generation occurs at the front where the bubble densi-
ty is at its maximum; however, as the water saturation 
decreases and the capillary pressure approaches that of 
the limiting capillary pressure of the foam in question, 
the bubble density settles down to an equilibrium value. 
The equilibrium value is when generation events cancel 
out coalescence events. Much later in the displacement 
at 1.15 pore volume injected, we can see that the foam is 
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Fig. 2  The comparison between simulation and experimental results: (a) Pressure drop vs. pore volume 
injected, (b) water saturation profiles, and (c) computed flowing bubble density profiles. Simulation results 
are represented by the solid lines while experimental results with dashed lines. Experiments are taken 
from Farajzadeh et al. (2009)26.  
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

(a) (b) 

(c) 

Fig. 2  The comparison between simulation and experimental results: (a) Pressure drop vs. pore volume injected, (b) water saturation profiles, and (c) 
computed flowing bubble density profiles. Simulation results are represented by the solid lines while experimental results with dashed lines. 
Experiments are taken from Farajzadeh et al. (2009)26.

Multiphase Parameters

 

 

 
  

Saudi Aramco: Company General Use 

Multiphase Parameters 
𝑘𝑘!"#  0.75 
𝑘𝑘!$#  1.0 
Srw 0.2 
Srg 0.0 
𝜇𝜇w (Pa-sec) 1.0 × 10-3 
𝜇𝜇g (Pa-sec) 2.3 × 10-5 

Foam Parameters 
𝛼𝛼 (Pa sec2/3 m10/3) 9.2 × 10-16 
𝑘𝑘% (sec1/3 m-13/3) 8.6 × 1013 
𝑘𝑘&% (m-1) 17 
𝑛𝑛'∗ (m-3) 4.0 × 1012 
𝑋𝑋)*+,  0.8 
𝑃𝑃-∗ (Pa) 3.5 × 104 

 
Table 2  The multiphase and foam parameters used in the local equilibrium model. 
 
 
 
 
 

 
 
 
Fig. 3  Pressure drop estimates of the model presented into the two commonly reported plots.  (a) A foam 
scan is performed at various total injection velocities, and (b) the pressure drop contours in bars are 
plotted as a function of aqueous and gaseous phase velocities. 
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starting to weaken as the bubble density is decreasing, 
indicating that the bubbles’ sizes are increasing. 

Another important behavior to examine after building 
any foam parameter is the steady-state behavior that the 
model outputs. Osterloh and Jante (1992)27 measured 
the steady-state pressure drop values at various combi-
nations of water and gas velocities. Upon plotting their 
results, they discovered that there are two regimes that 
are observed in steady-state foam flow27. 

The first regime is the low quality regime, where the 
water velocity is much larger than the gas velocity. In 
this regime, they observed that the pressure drop is 
independent of the water velocity and is dependent on 
the gas velocity. The second regime is termed the high 
quality regime, where the gas velocity is much larger 
than the water velocity. In that regime, the pressure drop 
changed with changing water velocity, but remained 
unchanged with changing gas velocity. 

Figure 3a plots the pressure drop contour output using 
the parameters listed in Table 2. We can clearly see that 
there are two distinct regimes: the low quality regime and 
the high quality regime, as indicated experimentally in 
the literature. The transition between the two regimes is 
smooth and there are no kinks indicating that the model 
is working transitioning smoothly between regimes. 

The final plot we examine is what is termed the foam 
scan plot. In a foam scan plot, the total velocity is fixed 
while the foam quality is altered. Typically, the pressure 
drop increases until a certain value (f *g ), which is called 
the transition foam quality28. The transition foam quality 
represents the foam quality above which the foam enters 
the high quality regime. The transition quality depends 
on the surfactants used, the type of rock used, the ions in 
the water, and fluid/rock interactions. A foam that has a 
large transition quality is preferred because it uses less 
water — and therefore less surfactant — to reach larger 
pressure drops. Figure 3b shows our model’s output. 
Generally, it captures what we expect in a foam scan plot.

Conclusions
We have implemented a local equilibrium model that is 
able to predict foam flow in porous media. The essence 
of the model is that it assumes that the time of reaction 
(generation or coalescence) is much faster than the time 
of transport processes (flow), therefore, instantaneous 
equilibrium is reached as soon as gas and water (with 
surfactant) occupies any space. 

The local equilibrium model maintains the main mech-
anisms that constitute the full-physics population balance 
model but obtains faster solutions. This, in turn, makes 
the local equilibrium model suitable and competitive 
with current used simulators for simulation of foam in 
the field case applications. Because foam flow is signifi-
cantly affected by how much gas is trapped/flowing, 
we also adopted a new flowing foam fraction that takes 
account of the Xf dependence on the pressure gradient, 
the permeability, and the apparent viscosity — because 
of the dependence on the total velocity. 

The developed model was implemented in the open-
source MRST to demonstrate its effectiveness and ease 

of implementation. We compared the model results 
with CO2 foam experimental results that were done 
on sandstones. The model matched the experimental 
results satisfactorily. Moreover, the model was shown 
to be capable of producing common foam plots that are 
used in assessing foam behavior in porous media: foam 
quality scan plot, and the pressure drop contours plot. 
Both of these plots gave the expected behavior. 

Finally, although the model showed promising results, 
there are improvements and further developments that 
need to be added to it. The transient surfactant flow 
was not implemented and should be coupled with the 
current model. Additionally, the dependency of any of 
the parameters on the local surfactant concentrations 
is another area of improvement. Although, the effect of 
the surfactant structure (or mixture of surfactants) is not 
implemented in the current model, but remains an area 
of research for future developments. 

Fig. 3  Pressure drop estimates of the model presented into the two commonly 
reported plots. (a) The pressure drop contours in bars are plotted as a 
function of aqueous and gaseous phase velocities, and (b) a foam scan is 
performed at various total injection velocities.
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Tortuosity, in general, characterizes the geometric complexity of porous media. It is considered as one 
of the key factors in characterizing the heterogeneous structure of porous media and has significant 
implications for macroscopic transport flow properties. There are four widely used definitions of tortu-
osity that are relevant to different fields from hydrology to chemical and petroleum engineering, which 
are: geometric, hydraulic, electrical, and diffusional. 

Recent work showed that hydraulic, electrical, and diffusional tortuosity values are roughly equal to 
each other in glass beads. Nevertheless, the relationship between the different definitions of tortuosity in 
natural rocks is not well understood yet. Understanding the relationship between the different tortuosity 
definitions in rocks can help to establish a workflow that allows us to estimate other types from the avail-
able technique. Therefore, the objective of this study is to investigate the relationship between the differ-
ent tortuosity definitions in natural rocks. 

A major focus of this work is to utilize nuclear magnetic resonance (NMR) technology to estimate 
tortuosity. Such a technique has been traditionally used to obtain diffusional tortuosity, which can be 
defined as the ratio of the free fluid self-diffusion coefficient to the restricted fluid self-diffusion coefficient 
inside the porous media.

In this study, the following techniques were used to quantify hydraulic, electrical, and diffusional 
tortuosity, respectively, on the same rock sample: (1) Micro-computed tomography (micro-CT) 3D im-
aging, (2) four electrode resistivity measurements, and (3) pulsed field gradient NMR (PFG NMR). PFG 
NMR is a very powerful, noninvasive technique employed to measure the self-diffusion coefficient for 
free and confined fluids. The measurements were done based on two carbonate rock core plugs charac-
terized by variable porosity, permeability, and texture complexity. 

Results show that PFG NMR can be applied directionally to quantify the pore network anisotropy 
created by fractures. For both samples, hydraulic tortuosity was found to have the lowest magnitude 
compared to geometric, electrical, and diffusional tortuosity. This could be explained by the more het-
erogeneous microstructure of carbonate rocks. The NMR technique has advantages over the other 
electrical and imaging techniques for tortuosity characterization: it is faster, nondestructive, and can be 
applied in a wellbore environment (in situ). 

We therefore conclude that NMR can used as a tool for estimating not only diffusional tortuosity but 
also for indirectly obtaining hydraulic and electrical tortuosity.

The Measurement of Tortuosity of Porous Media 
Using Imaging, Electrical Measurements, and Pulsed 
Field Gradient NMR
Dr. Hyung T. Kwak, Mahmoud Elsayed, Dr. Ammar El-Husseiny and Dr. Mohamed A. Mahmoud

Abstract  /

Introduction
Rock tortuosity is defined as the ratio of the fluid flow pathway to the straight-line distance between the two ends 
of the rock. It describes the geometry of flow paths, which is a measure of the heterogeneity and complexity of 
the rock. It is an important parameter to quantify the transport behavior of fluid flow in porous media, therefore, 
accurate measurements of heterogeneous microstructure is required1, 2. Tortuosity has been widely used in several 
scientific and engineering fields such as geoscience3, 4, energy storage and conversion5, 6, water treatment7, and in 
bone tissue engineering8, 9. 

Due to the wide range of applications, scientists and engineers are using different definitions for tortuosity 
interchangeably, including geometric, hydraulic, electrical, and diffusion tortuosity10. The tortuosity types are 
controlled by the experimental methodology utilized to estimate them. 

Geometric Tortuosity
Geometric tortuosity describes the effective path length of the pores in the porous medium to the direct length11. 
Geometric tortuosity, τg, is the ratio of the average length, L, of the geometric paths inside the porous medium to 
the straight-line length, Lo, across the porous medium, Eqn. 1:
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It is usually computed through imaging techniques 
such as X-ray micro-computed tomography (micro-CT)12 
and focused ion beam and scanning electron microscopy 
(FIB-SEM)13 by evaluating the shortest fluid pathways 
as the actual fluid flow in porous media14. There are 
several evaluation methods to estimate the shortest fluid 
pathways in porous rocks such as the direct shortest path 
searching method15, the skeleton shortest path search-
ing method16, the fast marching method17, and the pore 
centroid method18. 

Geometric tortuosity usually does not estimate/predict 
the dynamic properties of porous media such as perme-
ability, conductivity, and diffusion because it ignores the 
flow dynamics in the cross section of the pore channels 
and it only highlights the longitudinal distance of possible 
flow paths10. Subsequently, it is important to estimate 
the constriction features and dead-end pore channels 
that significantly affect the fluid flow in porous media. 

Hydraulic Tortuosity
Hydraulic tortuosity measures the restriction to fluid 
flow imposed by the porous matrix. It first appeared 
as a factor in the Kozeny-Carman equation to account 
for the reduction in permeability caused by the sinuous 
nature of the flow channels19. Like geometric tortuosity, 
it is defined as the ratio of actual to straight-line lengths 
between points in a porous medium, however, it is a more 
refined definition since it accounts for curved streamlines 
and viscous effects at pore walls19, 20. 

Berg (2014)21 showed that by using the Kozeny-Carman 
equation that porosity and permeability can be related 
through pore structure parameters such as characteris-
tic length, tortuosity, and constriction. The principle is 
extended to idealized pore materials, in which Darcy’s 
fluid flow law from the Hagen-Poiseuille equation is 
reproduced. Several 3D pore network models were 
constructed for Fontainebleau sandstone to compare 
the hydraulic tortuosity using micro-CT data and the 
constructed idealized model. 

The Kozeny-Carman equation is derived and sub-
sequently rearranged into the form used for hydraulic 
tortuosity predictions. The derivation has been adapted 
from Wylie and Spangler (1952)22. The Hagen-Poiseuille 
equation, Eqn. 2, describing capillary flow is given as:
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where, ue is the interstitial velocity, d is the channel diam-
eter, ∆P is the pressure driving force across the capillary, 
μ is the viscosity, and Le is the channel length. 

Now, for porous media, i.e., capillaries with a noncir-
cular cross section, 
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, where β is a 
shape factor correction and m is an equivalent hydraulic 
diameter given by Eqn. 3, where 
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 is the surface area 
per unit volume ratio of the porous medium.
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For porous media, if the seepage velocity, u, is constant, 

then the interstitial velocity, ue, through the channels of 
the matrix must be increased to account for the reduced 
cross-sectional area and increased length that the fluids 
are traveling. Therefore, the relationship between the u 
and the ue is given by Eqn. 419.
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𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 4

Substituting Eqn. 5 into Eqn. 2 and solving for u yields: 
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 5

Equation 6 is analogous to Darcy’s equation, given by:
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 6

Comparing Eqns. 5 and 6; the permeability, k, in Eqn. 

6 is equivalent to 
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

. Substituting in m from Eqn. 3 

and equating these two terms yields the Kozeny-Carman 
relationship, Eqn. 7:
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 7

The term 
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 is equal to hydraulic tortuosity (τH). 
Rearranging Eqn. 7 for τH yields:
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Equation 8 is the rearranged form of the Kozeny-
Carman equation that will be used to estimate hydraulic 
tortuosity. Subsequently, the flow flux differs continuously 
across the flow direction influenced by its cross-section, 
shape, inclination, branching and joining, which com-
plicates the recognition of pore scale flow streamlines.

Electrical Tortuosity
The electrical resistivity of a sedimentary rock saturated 
with brine is an essential element in the interpretation 
of electric resistivity logs in petroleum exploration. The 
significance of the connections between a pore micro-
structure and the electrical resistivity of the rock has 
resulted in significant studies without producing an ad-
equate theoretical definition23. The electrical resistivity 
of sedimentary rocks saturated with brine depends on 
electrical resistivity of the fluid, porosity of the rock, and 
the pore microstructure relative to the applied electrical 
voltage. 

There are several factors affecting the electrical re-
sistivity of sedimentary rocks such as water saturation; 
temperature, brine saturation, ions types and strength 
of the salt in the brine solution; and cation exchange 
capacity between rock and brine. As a consequence, high 
frequency electrical conductance measurements were 
exploited to screen underground movement of reservoir 
fluids, rock integrity testing, and leakage detection24. 
The formation resistivity factor is a terminology used to 
relate the electrical resistivity of the rock saturated with 
brine, Ro, and the resistivity of the brine, Rw, Eqn. 9:

 

 

 
  

Saudi Aramco: Company General Use 

𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 9



4 The Aramco Journal of Technology Fall 2021

The relative effect of the ions added by cation exchange 
becomes small as the salinity of the brine in the pores 
increases. Measuring resistivity with a high salinity brine 
saturating rock usually reaches the expected constant 
formation factor in the absence of clays. When water 
comes into contact with these clays in the rock, many 
phenomena can occur. The clay swells to several times 
their original size under low salinity brine saturating the 
rock, which increases the viscosity of the clay-water blend 
and reduces the cross section for current conduction25.

To describe the conductivity of a porous medium, 
Archie (1942)26 developed an empirical relationship be-
tween the formation resistivity factor and the porosity. 
Equation 10 describes this relationship: 
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where a is a structural parameter and m is the cemen-
tation exponent, which has different values for different 
lithologies. Both of these parameters are useful for pore 
characterization, which can be correlated to different 
textural rock properties27.

In general, higher values of the cementation factor 
corresponds to a higher value of tortuosity28. Electrical 
tortuosity has a significant impact on different petrophys-
ical parameters such as permeability, surface to volume 
ratio, resistivity of the brine, clay minerals content, rock 
porosity, and rock resistivity28. In addition, the type of 
porosity in the porous medium plays an important role 
in the variation of tortuosity. Some of the factors that 
contribute to increase the electrical tortuosity include:

• Dead-end pores, which are usually part of the micro-
porosity of the rocks and can result in complicating 
the current to be flown through the pores. 

• Rock samples with matrix of highly heterogeneous 
structure causes more resistance to the electrical 
current.

• The rocks, defined by the complexity of the elec-
trolytic routes, are more resistant when they pass 
through the pore.

Cornell and Katz (1953)29 suggested a correlation to 
estimate the electrical tortuosity, which is a simplified 
form from Archie’s equation. The parameter, a, in Eqn. 
10 is function of tortuosity, τe, which is a term corre-
sponding to the path length of the electrical current or 
the way the pores are interconnected. 

Figure 1 shows the equivalent electrical circuit of a 
porous rock sample. The rmatrix and rw are the resistances 
of the rock matrix and brine filling the porous space, 
respectively. The overall resistance of the rock, ro, can 
be expressed in terms of the rmatrix and rw, which are in 
parallel. To derive the equation of parallel resistors, we 
should start from Ohm’s law showing that the current, 
i, spilt with a constant potential difference, across the 
core as follows:
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𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 13
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 14
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 15

In case we consider that the rock sample is made up of 
a very resistive matrix (nonconductive material), rmatrix = 
∞, the previous equation can be reduced to:
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 16

The ions’ movement inside the porous media is directed 
to a tortuous path, so the length of the equivalent water 
volume, Le, is greater than the actual path, L, and then 
the volume of water in the porous media is ALφ. The 
cross-sectional area of equivalent water volume, Ae, is 
ALφ/Le. 
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𝜏𝜏𝑔𝑔 = 𝐿𝐿
𝐿𝐿𝑜𝑜

                  (1)  
 
𝑢𝑢𝑒𝑒 = 𝑑𝑑2

32
Δ𝑃𝑃
𝜇𝜇𝐿𝐿𝑒𝑒

                  (2) 
 
𝑚𝑚 = 𝜙𝜙

(𝑆𝑆
𝑉𝑉)

                 (3) 

 
𝑢𝑢𝑒𝑒 = 𝑢𝑢

𝜙𝜙 (𝐿𝐿𝑒𝑒
𝐿𝐿 )                  (4) 

 

𝑢𝑢 = 𝑚𝑚2𝜙𝜙
𝛽𝛽 ( 𝐿𝐿

𝐿𝐿𝑒𝑒
)

2 Δ𝑃𝑃
𝜇𝜇𝐿𝐿                    (5) 

 
𝑢𝑢 = 𝑘𝑘 Δ𝑃𝑃

𝜇𝜇𝐿𝐿                  (6) 
 
𝑘𝑘 = 𝜙𝜙3

𝛽𝛽(𝐿𝐿𝑒𝑒
𝐿𝐿 )

2
(𝑆𝑆

𝑉𝑉)
2                    (7) 

 

𝜏𝜏𝐻𝐻 = √
𝜙𝜙3

𝑘𝑘𝛽𝛽(𝑆𝑆
𝑉𝑉)

2                      (8) 

 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
               (9) 

 
𝐹𝐹 = 𝑎𝑎 𝜑𝜑−𝑚𝑚                 (10) 
 
𝑖𝑖 = 𝑉𝑉

𝑟𝑟                  (11) 
 
𝑖𝑖 = 𝑖𝑖1 + 𝑖𝑖2             (12) 
 
 
𝑉𝑉
𝑟𝑟𝑜𝑜

= 𝑉𝑉
𝑟𝑟𝑤𝑤

+ 𝑉𝑉
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                   (13) 
 
𝑉𝑉 ( 1

𝑟𝑟𝑜𝑜
) = 𝑉𝑉 ( 1

𝑟𝑟𝑤𝑤
+ 1

𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚
)                  (14) 

 
1
𝑟𝑟𝑜𝑜

= 1
𝑟𝑟𝑤𝑤

+ 1
𝑟𝑟𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚𝑚

                  (15) 
 
𝑟𝑟𝑜𝑜 = 𝑟𝑟𝑤𝑤                 (16) 
 
𝑟𝑟𝑜𝑜 = 𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴)                 (17) 
 

 17 
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𝑟𝑟𝑤𝑤 = 𝑅𝑅𝑤𝑤 (𝐿𝐿𝑒𝑒
𝐴𝐴𝑒𝑒

) = 𝑅𝑅𝑤𝑤( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (18) 
 
𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴) =  𝑅𝑅𝑤𝑤 ( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (19) 
 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
                 (20) 

 

𝐹𝐹 = (𝐿𝐿𝑒𝑒
𝐿𝐿 )

2 1
𝐴𝐴 =  𝜏𝜏𝑒𝑒2

𝐴𝐴                   (21) 
 
𝜏𝜏𝑒𝑒

2 = 𝐹𝐹 𝜑𝜑                  (22) 
 
𝜏𝜏𝑒𝑒 = √𝐹𝐹𝜑𝜑                  (23) 
 
𝜏𝜏𝑑𝑑 = 𝐷𝐷

𝐷𝐷𝑅𝑅
                  (24) 

 
𝑆𝑆

𝑆𝑆0
= exp (−𝐷𝐷(𝛾𝛾𝛾𝛾𝛾𝛾)2 (∆ − 𝛿𝛿

3 )) = exp (−𝑏𝑏𝐷𝐷)                      (25) 
 
𝑆𝑆

𝑆𝑆0
= 𝑒𝑒𝑒𝑒𝑒𝑒 {−𝐷𝐷𝑅𝑅𝛾𝛾2 [𝛾𝛾2 (4𝛥𝛥 + 6𝜆𝜆 − 2𝛿𝛿

3 ) 𝛾𝛾𝑎𝑎
2 + 2𝜆𝜆𝛾𝛾(𝛾𝛾1 − 𝛾𝛾2)𝛾𝛾𝑎𝑎𝛾𝛾0 + 4

3 𝜆𝜆3𝛾𝛾0
2]}               (26) 

 
𝑆𝑆

𝑆𝑆0
= 𝑒𝑒𝑒𝑒𝑒𝑒 {−𝐷𝐷𝑅𝑅𝛾𝛾2 [𝛾𝛾2 (4𝛥𝛥 + 6𝜆𝜆 − 2𝛿𝛿

3 ) 𝛾𝛾𝑎𝑎
2]} = 𝑒𝑒𝑒𝑒𝑒𝑒(−𝑏𝑏′𝐷𝐷𝑅𝑅)                  (27) 

 
 
 
 
 
 
 
 
 
 
 
 
 
 
 
 

 18

Because ro = rw, and 
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𝑟𝑟𝑤𝑤 = 𝑅𝑅𝑤𝑤 (𝐿𝐿𝑒𝑒
𝐴𝐴𝑒𝑒

) = 𝑅𝑅𝑤𝑤( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (18) 
 
𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴) =  𝑅𝑅𝑤𝑤 ( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (19) 
 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
                 (20) 

 

𝐹𝐹 = (𝐿𝐿𝑒𝑒
𝐿𝐿 )

2 1
𝐴𝐴 =  𝜏𝜏𝑒𝑒2

𝐴𝐴                   (21) 
 
𝜏𝜏𝑒𝑒

2 = 𝐹𝐹 𝜑𝜑                  (22) 
 
𝜏𝜏𝑒𝑒 = √𝐹𝐹𝜑𝜑                  (23) 
 
𝜏𝜏𝑑𝑑 = 𝐷𝐷

𝐷𝐷𝑅𝑅
                  (24) 

 
𝑆𝑆

𝑆𝑆0
= exp (−𝐷𝐷(𝛾𝛾𝛾𝛾𝛾𝛾)2 (∆ − 𝛿𝛿

3 )) = exp (−𝑏𝑏𝐷𝐷)                      (25) 
 
𝑆𝑆

𝑆𝑆0
= 𝑒𝑒𝑒𝑒𝑒𝑒 {−𝐷𝐷𝑅𝑅𝛾𝛾2 [𝛾𝛾2 (4𝛥𝛥 + 6𝜆𝜆 − 2𝛿𝛿

3 ) 𝛾𝛾𝑎𝑎
2 + 2𝜆𝜆𝛾𝛾(𝛾𝛾1 − 𝛾𝛾2)𝛾𝛾𝑎𝑎𝛾𝛾0 + 4

3 𝜆𝜆3𝛾𝛾0
2]}               (26) 

 
𝑆𝑆

𝑆𝑆0
= 𝑒𝑒𝑒𝑒𝑒𝑒 {−𝐷𝐷𝑅𝑅𝛾𝛾2 [𝛾𝛾2 (4𝛥𝛥 + 6𝜆𝜆 − 2𝛿𝛿

3 ) 𝛾𝛾𝑎𝑎
2]} = 𝑒𝑒𝑒𝑒𝑒𝑒(−𝑏𝑏′𝐷𝐷𝑅𝑅)                  (27) 
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𝑟𝑟𝑤𝑤 = 𝑅𝑅𝑤𝑤 (𝐿𝐿𝑒𝑒
𝐴𝐴𝑒𝑒

) = 𝑅𝑅𝑤𝑤( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (18) 
 
𝑅𝑅𝑜𝑜 (𝐿𝐿

𝐴𝐴) =  𝑅𝑅𝑤𝑤 ( 𝐿𝐿𝑒𝑒2

𝐴𝐴𝐿𝐿𝐴𝐴)                    (19) 
 
𝐹𝐹 = 𝑅𝑅𝑜𝑜

𝑅𝑅𝑤𝑤
                 (20) 

 

𝐹𝐹 = (𝐿𝐿𝑒𝑒
𝐿𝐿 )

2 1
𝐴𝐴 =  𝜏𝜏𝑒𝑒2

𝐴𝐴                   (21) 
 
𝜏𝜏𝑒𝑒

2 = 𝐹𝐹 𝜑𝜑                  (22) 
 
𝜏𝜏𝑒𝑒 = √𝐹𝐹𝜑𝜑                  (23) 
 
𝜏𝜏𝑑𝑑 = 𝐷𝐷

𝐷𝐷𝑅𝑅
                  (24) 
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Pores are not equal in the electrical flow of the rock, 
and are regarded as traps and channels based on their 
current permissible flow30. Therefore, for the interpre-
tation of the electric measurement results, it is desirable 
to understand the pore geometry described by type, 
shape, and interconnectedness of the porous medium. In 
reservoir rocks, pore throats are the paths for electrical 
current flow, and the large pore throats lead to lower 
resistivity while the small pore throats complicate the 
current flow, which results in higher resistivity27. 
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Fig. 1  The equivalent electrical circuit of a porous rock sample. 
 
 

 
 
Fig. 2  (a) The PFGSE sequence, and (b) the PGSTE sequence used in the bulk fluid diffusion 
experiment47.   
 

 
 
Fig. 3  A schematic of the 13-interval BG-PFGSTE used in the restricted diffusion experiments in the rock 
cores50.  
 

Fig. 1  The equivalent electrical circuit of a porous rock sample.
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The electrical tortuosity for carbonate rock study re-
sults in several correlations between tortuosity and some 
other petrophysical properties27. Tortuosity correlations 
showed an increasing tortuosity with decreasing porosity, 
permeability, Archie cementation factor, and increasing 
with resistivity formation factor. 

Saner et al. (1996)27 found that the mean electrical 
tortuosity values for granular and dolomitic-muddy is 
2, where the former has an average value of 1.9, and the 
latter showed an average value of 2.3, using Eqn. 23. 

Diffusion Tortuosity
Because of the pore geometry restrictions, the molecules 
that diffuse within the porous space will be expected to 
have a diffusion coefficient different from that of the bulk 
fluid31. Therefore, it is thought that restricted diffusion 
research can result in information leading to character-
ization of the pore structure. We propose the utilization 
of the pulsed field gradient nuclear magnetic resonance 
(PFG NMR) technique to study free and restricted dif-
fusion of a probing fluid in porous media. Using very 
low diffusion time gives an indication in evaluating the 
surface to volume ratio, and it is called the short time 
regime. On the other, using sufficiently large diffusion 
time gives the diffusion tortuosity value and it is known 
as the long-time regime32.

It is a truly challenging task to measure diffusion or 
mean square displacement due to Brownian motion 
in heterogeneous media by PFG NMR. The presence 
of a term for surface relaxation implies that the NMR 
experiments may not represent the actual geometry. 
Furthermore, internal magnetic field gradients can con-
siderably affect diffusion measurements33-35. 

The tortuosity is an important parameter that charac-
terizes the interconnectedness of the pore space. Diffusive 
tortuosity, τd, is defined as the diffusing coefficient of 
particles in the free fluid, D, relative to its diffusion in 
the porous medium, DR

36. It can be expressed mathe-
matically as:
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Consequently, measuring the diffusion tortuosity using 
PFG NMR is not always readily achievable because 
the experiment is limited by the lifetime of the NMR 
signal. For example, the lifetime of the water signal may 
be so long that the length scales up to 100 μm can be 
examined in porous rock saturated with water. Previous 
publications have used noble gases to avoid this issue 
due to its higher diffusion coefficient, which will result 
in probing the heterogeneity of the porous medium in 
less time37-39. 

These measurements confirm that the tortuosity limit 
(asymptotic value) has been reached for the diffusion co-
efficient as restricted diffusion is no longer dependent on 
observation time. The PFG NMR experiment sometimes 
could be used under these circumstances to test length 
scales of the order of millimeters. Mair et al. (1999)37 
stated that gas diffusion NMR can measure the pore 
space surface area to volume ratio and the tortuosity ac-
curately. The authors also noted that gas diffusion NMR 

provides a good measure of the tortuosity of sandstone 
and heterogeneous carbonate rocks. 

NMR restricted diffusion measurements of liquid 
imbibed in porous media detects the rock structure on 
length scales greater than 50 µm. Using such a system 
will allow us to measure the porosity and pore surface 
area to volume ratio (S/Vp) accurately. Although, this 
method did not recognize the interconnectedness and 
tortuosity of the complex pore systems such as sedimen-
tary rocks using the simple PFG NMR38. 

The tortuosity values of various sandstones from geo-
thermal wells in Germany were measured based on a 
restricted diffusion coefficient that was confirmed to be 
independent of time40. These measurements correlated 
strongly with the tortuosity obtained from various other 
techniques, including electrical and petrographical imag-
ing40. Another study39 performed a tortuosity experiment 
on different rock samples using NMR of laser polarized 
gas. Fontainebleau sandstone showed a tortuosity value of 
3.45, which is approximately equal to the value obtained 
in Hurlimann et al. (1994)35.

An additional three carbonate samples (Edwards lime-
stone, Austin chalk, and Indiana limestone) were stud-
ied to measure the diffusion tortuosity, and the results 
showed an increase in tortuosity values with the decrease 
of permeability. The tortuosity values range between 
4.76 to 7.69, and the Indiana limestone also showed 
very close tortuosity value, 7.69, to the one studied in 
Hurlimann et al. (1994)35. 

A recent study that was performed in carbonate plugs 
using methane as the diffused fluid inside the porous 
media showed that electrical tortuosity correlates linearly 
with diffusion tortuosity measured using PFG NMR41.

PFG NMR
The PFG NMR techniques are used to study the mo-
tion of the molecules without interfering with the body 
under study, therefore, it is a very powerful method to 
measure τd, as defined in Eqn. 2435, 42. The PFG NMR 
techniques have been successfully applied to many sys-
tems for studying diffusion in bulk liquids, solids, and 
fluids in restricted geometries, as well as in emulsions36, 

43. The significance of the PFG experiment is that the 
Fourier transformation of the fluid diffusion propagator 
in the pore space is measured directly32. In sedimentary 
rock, the pore boundaries limit fluid molecules’ self-dif-
fusion. Therefore, in geometrically restricted structures, 
the measurement of molecular diffusivity is lower than 
in bulk fluid. Subsequently, it is believed that restricted 
diffusion can assist in obtaining direct information to 
estimate the pore structure characterization. 

In the PFG NMR diffusion measurements, usually 
two gradient pulses are applied. The two gradients serve 
to detect the effect of relative movements of the nuclei 
during an experimental diffusion time. The spatial po-
sitions of individual nuclei are identified by the phase of 
each spin. The first gradient pulse de-phases the spins 
such that the phases of these spins depend on the spin 
location and are proportional to γgr. The second gradi-
ent pulse, is applied after a time rephases the spins for 
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observation. During the diffusion time, Δ, is the relative 
distance for which each spin has diffused away from its 
original position. As long as the actual mean diffusion 
distance does not exceed the entire sample dimension, 
the measured diffusivity is independent. In contrast, for 
geometrically restricted systems, the actual diffusion 
length is confined by the boundaries.

It turns out, however, that restricted diffusion mea-
sured in this way may, in addition to purely geometric 
properties of the medium, also be influenced by surface 
interactions. Contributions of the surface interaction to 
restricted diffusion, and therefore, to τe, can be traced 
by either varying the fluid or by surface modification of 
the porous solid under study.

Moreover, careful experimental design is needed to 
remain careful because of the internal magnetic field 
gradients, which result from susceptibility differences 
between rmatrix and pore fluid44. Measuring the bulk fluid 
self-diffusion coefficient, D, by the NMR PFG tech-
nique was first studied by Stejskal and Tanner (1965)45. 
The technique basically depends on the NMR signal, 
S, attenuation due to molecular diffusion between two 
pulsed gradients of the magnetic field. Normalization 
of the S intensity to the signal intensity without applied 
field gradients, S0, cancels out any effects of signal at-
tenuation due to relaxation.
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where D = self-diffusion coefficient of the fluid (m2/s). 
S0 = NMR signal in the absence of applied magnetic 
field gradients (μV), Δ = duration between two applied 
magnetic field “diffusion time” (msec), δ = duration of 
the applied magnetic field gradient (msec), g = strength 
of the applied magnetic field gradient (T/m), and γ = 
gyromagnetic ratio of the nucleus being studied (= 2.68 
× 108 Hz/T for 1H nucleus).

These techniques of diffusion NMR take advantage 
of the spatial variation in the Larmor frequency when a 
gradient is applied to encode the position of the molecule 
for diffusion measurement46. Their pulse sequences, Fig. 
2, consist of RF pulses, gradient pulses with strength, g, 
and a diffusion time, Δ, for which the molecules’ diffusion 
is measured and the duration δ that flip and unflip the 
magnetization, which is used to label the molecules’ 
position through its spin.

While the separation of the RF pulses, and the RF pulse 
and the signal acquisition are a delay in the PFG spin 
echo (PFGSE), the PFG stimulated spin echo (PGSTE) 
enables the periods of spin-spin relaxation, T2 relaxation, 
to be minimized. The magnetization in the PGSTE is 
stored along the longitudinal axis during the diffusion 
time and spin-lattice relaxation, T1 relaxation, is used to 
help prevent signal loss from T2 alone enabling longer 
diffusion times to be probed48. 

When diffusion occurs during Δ, it is described as a 
dephasing of the spins and the attenuation in the NMR 
signal is obtained. Plotting signal attenuation (S/S0) 
against the g is used to calculate the diffusion coefficient 
since all other parameters are fixed for each experiment. 

Usually in practice, linear fit is obtained by plotting the 
natural log of the S/S0 vs. a parameter b shown in Eqn. 
25, which combines all of the fixed parameters with a 
gradient term. This simplifies the result analysis since 
the slope will directly be the diffusion coefficient. 

The magnetic susceptibility difference between the rmatrix 
and the pore fluid results in an internal magnetic field 
gradient, which can cause an excessive S/S0 for the PFG 
NMR experiment. Another pulse sequence is required to 
decrease the systematic error in the measurements since 
sometimes this internal magnetic field g becomes greater 
than the applied. The 13-interval bipolar gradients pulse 
sequence (BG-PFGSTE) is used for cases of high mag-
netic susceptibility difference to avoid excessive S/S0

49. 
A schematic of this sequence is shown in Fig. 350: This 
pulse sequence is a stimulated echo sequence with two 
refocusing 180° RF pulses to prepare molecules for the 
diffusion time and read intervals for signal acquisition51.

The accumulation of the phase encoding caused by 

Fig. 2  (a) The PFGSE sequence, and (b) the PGSTE sequence used in the bulk fluid 
diffusion experiment 47.

Fig. 3  A schematic of the 13-interval BG-PFGSTE used in the restricted diffusion 
experiments in the rock cores50.
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the applied gradients is exploited to reduce the effects of 
internal field gradients on the echo amplitude by using 
180° refocusing pulses and oppositely polarized applied 
field gradients. Also, the effect of an internal gradient is 
eliminated by refocusing constantly the polarized internal 
magnetic field gradient, which occurred by the phase 
encoding52. In the case of applied magnetics field gradi-
ents, the influence of the internal gradient is dominating 
the signal attenuation, which can be homogeneous with 
the applied gradient after the applying of the observa-
tion time. Equation 26 describes the normalized signal 
incorporating the effect of an internal gradient:
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This sequence is repeated for a range of gradually in-
creasing PFG strengths (ga) and the measured echo signal 
intensity, S, is logged. Referring to Fig. 2, if the time 
interval between the first 180° pulse and the de-phasing 
PFG, δ1 and the time interval between the de-phasing 
PFG and the second 90° pulse, δ2, is equal, and the 
diffusion time, Δ, is much larger than the time interval 
between the two 90° pulses, λ, then the relationship 
between S and ga is given by Eqn. 27 where So is the S in 
the absence of an applied PFG and γ is the gyromagnetic 
constant of hydrogen (2.68 × 108 (Ts)-1). 

Theoretically, with the measured values of S and ga, the 
restricted diffusion coefficient can be obtained from the 
gradient of the curve plotted using Eqn. 27. Consequently, 
this equation only holds true for the linear region of the 
attenuation curve, that is, as ga approaches zero. This 
is because at higher applied field strengths, the curve 
begins to flatten out as the diffusing molecules have had a 
much longer time to probe the smallest micropores of the 
sample. As such, the resulting echo signal is dominated 
by the low diffusion coefficient occurring in the smallest 
pores and is not an accurate representation of the actu-
al porous matrix. An analysis technique to extract the 
restricted diffusion coefficient from the gradient of the 
linear region of the attenuation curve is outlined next.

During the PFG NMR experiment, the intensity S is 
monitored as a function of applied magnetic field g. The 
PFG NMR experiment is usually performed for different 
diffusion times, Δ, to investigate the effects of restricted 
diffusion with an increasing Δ. The diffusion coefficients 
are calculated from the acquired signal attenuation plots 
using the following relation by choosing δ 1 = δ2, the 
second term becomes equal to zero whereas the choos-
ing of Δ should be much greater than λ leads in making 

the final term negligible in value and a constant if λ is 
also kept fixed. Equation 27 resulted from applying the 
previous mentioned modification into Eqn. 26:
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The restricted diffusion coefficient is obtained by 
plotting signal attenuation vs. b, which has the applied 
magnetic field parameter as the variable term. 

It is important to note that, in general, the PFG NMR 
method would overestimate the average pore size. This 
is due to the fact that the stimulated echo PFG NMR 
experiment is T1 weighted, and at the longer observa-
tion times, signals from the smaller pores with relatively 
shorter T1 would be lost. This is an important point that 
must be recognized when dealing with shaly or low per-
meability rocks. Subsequently, the T1 bias of the average 
pore size is not expected to be very significant in the case 
of sandstone, which has relatively long T1 distribution53.

Methodology
Two Indiana limestone rocks with different permeabil-
ity values were used in this study to evaluate the effect 
of permeability in estimating different tortuosity types 
for the same lithology. Petrophysical properties such 
as pore volume, porosity, and permeability of the core 
plugs using automated helium porosimeter-permeameter 
(AP-608) were tested. The automated permeameter can 
measure permeability at a very wide range from 0.001 
md to 10,000 md at various confining pressures. Rock 
porosity and pore volume are usually measured using 
Boyl’s law, while gas permeability is calculated by the use 
of the pressure decay curve since it needs to be corrected. 

Table 1 lists the values of length, diameter, rock porosity, 
and permeability for the two limestone cores.

The micro-CT system has the significant advantage 
of being able to capture high-resolution images. This 
allows for the direct imaging of pore bodies and throats 
in a larger pore system such as reservoir samples. It was 
utilized to estimate geometric and hydraulic tortuosi-
ty using the software PerGeos (FEI-ThermoFisher) for 
image processing. 

NMR experiments were carried out on a MARAN 
Oxford NMR spectrometer equipped with actively 
shielded X, Y, and Z gradient coils. The 13-interval BG-
PFGSTE was used to reduce the effect of the internal 
gradient and to optimize the signal-to-noise ratio (SNR) 
at long observation times. Twenty-one gradient steps 
were acquired at each Δ. The gradient list covered the 

Sample Name Length (cm) Diameter (cm) φ (%) k (md)

Indiana 1 4.47 3.80 10.81 0.73

Indiana 2 4.79 3.79 17.43 216.89

Table 1  The petrophysical parameters, including the electrical tortuosity values, of the two limestone core samples.
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range from 0 G/cm to 33 G/cm with a spacing linear in 
g2. The gradient duration, δ, was set to 1.5 seconds in 
all experiments and Δ ranged from 100 ms to 1,200 ms. 

The T2 measurements were carried out using CPMG 
pulse sequence with echo spacing time = 0.114 ms and 
keeping the minimum SNR = 100. 

Results and Discussion 
The geometric tortuosity values of both Indiana limestone 
samples are computed using the centroid path method. 
The effective pore path is measured by determining the 
coordinate (x,y,z) of the pore centroid after determining 
the layer, and then connecting the pore centroid into a 
connected channel. Figures 4 and 5 show the extracted 
pore network model extracted from the micro-CT images 
used to compute the geometric and hydraulic tortuos-
ity. These 3D pore network models were done at two 
different voxel resolutions based on the permeability of 
the sample to capture all possible pores of the samples. 

Indiana 1 was scanned at a voxel resolution of 1.53 μm 
while Indiana 2 was scanned at a voxel resolution of 3.50 
μm. The geometric tortuosity values obtained were 4.29 
and 2.32 from Indiana 1 and Indiana 2, respectively. The 
values are higher than the values obtained in a previous 
study54 using centroid path method, however, they studied 
only homogenous Fontainebleau sandstone at a maximum 
resolution of 4.38 μm. They showed that increasing the 
voxel resolution would increase the geometric tortuosity 
value. Furthermore, our samples here are carbonate and 
heterogeneous with a much more complex pore struc-
ture that would have higher geometric tortuosity values.  

Fluid flow simulations were run to compute to hydraulic 
tortuosity values by analyzing the streamline identified 

from the pore-scale simulation on the extracted pore 
network model. Here, we estimated the effective path 
of the hydraulic flow by taking a weighted average of 
the streamline paths. The hydraulic tortuosity values 
showed lower values than the geometric tortuosity with 
a value of 2.25 for Indiana 1 and 1.78 for Indiana 2. The 
computed hydraulic tortuosity values indicate that the 
higher permeability sample’s (Indiana 1) effective stream-
line path is shorter than the low permeability sample 
(Indiana 2). This is expected because in Kozeny-Carman 
equation the permeability is inversely proportional to 
the hydraulic tortuosity. 

The electrical tortuosity, τe, was calculated for all sam-
ples using Eqn. 23. The equation inputs require resistivity 
of saturating fluid (brine), resistivity of the sample when 
it is 100% saturated with water, and the sample porosity. 
The electrical tortuosity measurements also confirmed 
that Indiana 2 is less tortuous than Indiana 1. Indiana 
2 showed an electrical tortuosity value of 2.64, while 
Indiana 1 showed 3.07 of electrical tortuosity. 

Figure 6 shows the T2 relaxation time distribution 
for the carbonate samples studied. These distribution 
results confirm the petrophysical properties in Table 1 
measured using the conventional techniques. Indiana 
2 shows the longest T2 relaxation distribution (bimodal 
system) with a peak value of 501.2 ms. In addition, the 
distribution predicts two connected pore size systems 
with fluid distributed approximately between the two 
pore systems, which can be seen from the pore network 
model in Fig. 4. The lowest permeability and porosity 
values of Indiana 1 were confirmed by the lower T2, with 
a peak value of 79.4 ms. Furthermore, the widespread 
distribution of Indiana T2 (10

-4 s to ~1 s) indicates the 

Fig. 4  The 3D pore network model for Indiana 1.
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Fig. 5  The 3D pore network model for Indiana 2. 
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existing with different pore sizes with a complex pore 
structure. 

The PFG NMR diffusion measurements were per-
formed for the two rock core samples. A Matlab code 
was used to extract the RiD of files from the Oxford 
Instruments Maran DRX-HF spectrometer and convert 
it into files readable by the code.

Figure 7 shows the PFG NMR signal attenuation 
normalized data for the bulk brine. These data were 
acquired using the 13 interval BG-PFGSTE. The bulk 
fluid’s measurements could be done using the simple 
PFG NMR instead of a PFGSTE, however, a PFGSTE 
is performed to have a comparable result with restrict-
ed diffusion data. The experiment showed a very good 
SNR and all the data fit accurately. The self-diffusion 
coefficient, D, of brine, i.e., not in the rock core, was 
measured in a glass vial that has a minimum 1H NMR 
signal. This was determined to be 2.37 × 10−9 m2/s and 
was found to be consistent with other literature34, 55, 56.

The restricted diffusion of both samples was measured 
at different diffusion times until there is no change in 
the restricted diffusion coefficient value. This asymptotic 
value corresponds to the inverse of diffusion tortuosity. 
Figure 8 shows the DR/D0 as a function of the diffusion 
time for both rock core samples used in this study. It can 
be seen that at a specific diffusion time, the restricted 
diffusion coefficient of Indiana 1 is lower than Indiana 2, 
which indicates a more restricted pore space. As observed 
in the other tortuosity types, the diffusion tortuosity 
of Indiana 1 showed a higher value (7.80) than the one 
obtained for Indiana 2 (4.92).

Table 2 lists the values of all different tortuosity types for 

Indiana 1 and Indiana 2 samples. The diffusion tortuosity 
showed the highest values among the different types for 
both samples. Furthermore, the lowest tortuosity val-
ues were observed in the hydraulic tortuosity measures. 
Electrical and geometric tortuosity ranged between the 
values of the hydraulic and diffusion tortuosity. 

Conclusions
Micro-CT, a four electrode configuration, and PFG NMR 
techniques were performed to evaluate the different tor-
tuosity types of two carbonate samples. Generally, a 

Fig. 5  The 3D pore network model for Indiana 2.
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high permeability carbonate sample (Indiana 2) showed 
lower tortuosity values using different techniques than 
the low permeability sample (Indiana 1). 

The PFG NMR diffusion tortuosity values demonstrate 
the highest tortuosity values among all types while the 
hydraulic tortuosity values showed the lowest values.
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